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PREFACE
The National Coal Council is a private, nonprofit advisory body, chartered under the Federal
Advisory Committee Act.
The mission of the Council is purely advisory: to provide guidance and recommendations as
requested by the U.S. Secretary of Energy on general policy matters relating to coal. The
National Coal Council is forbidden by law from engaging in lobbying or other such activities.
The National Coal Council receives no funds or financial assistance from the Federal
Government. It relies solely on the voluntary contributions of members to support its activities.
The members of the National Coal Council are appointed by the Secretary of Energy for their
knowledge, expertise and stature in their respective fields of endeavor. They reflect a wide
geographic area of the U.S. and a broad spectrum of diverse interests from business, industry and
other groups, such as:
•
•
•
•
•
•
•
•
•
•
•
•

Large and small coal producers;
Coal users such as electric utilities and industrial users;
Rail, waterways, and trucking industries as well as port authorities;
Academia;
Research organizations;
Industrial equipment manufacturers;
State government, including governors, lieutenant governors, legislators, and public utility
commissioners;
Consumer groups, including special women’s organizations;
Consultants from scientific, technical, general business, and financial specialty areas;
Attorneys;
State and regional special interest groups; and
Native American tribes.

The National Coal Council provides advice to the Secretary of Energy in the form of reports on
subjects requested by the Secretary and at no cost to the Federal Government.
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SECTION 1:
EXECUTIVE SUMMARY
Purpose
By letter dated September 24, 2002 (see Appendix F), U.S. Secretary of Energy Spencer
Abraham requested that the National Coal Council prepare a study of how increased energy
efficiency and carbon sequestration can be utilized as part of a greenhouse gas (GHG)
management program. The Secretary asked the Council to use as a starting point for this report
its previous report, entitled “Research and Development Needs for the Sequestration of Carbon
Dioxide as Part of a Carbon Management Strategy” as it was submitted to then-Secretary of
Energy Bill Richardson in May 2000.
Secretary Abraham specifically asked that the Council evaluate the effectiveness and economics
of sequestering carbon. He asked that the Council highlight the public-private partnerships
already established between the U.S. Department of Energy and industry that currently address
the issues of increasing electricity generation efficiency and carbon sequestration. Secretary
Abraham also requested that the Council recommend ways that additional such partnerships
could be established. Lastly, he asked the Council for its perspective on how voluntary
approaches to reduce greenhouse gas emissions could best be achieved.
The Secretary expressed his hope that this report “will serve as a carbon management blueprint
for industry and act as a catalyst to promote additional public-private partnerships to support
voluntary reduction of greenhouse gases and carbon sequestration."
The Council accepted the Secretary’s request and formed a study group of experts to conduct the
work and draft a report. The list of participants of this study group can be found in Appendix E
of this report.
Introduction
This report updates and expands on the findings and recommendations concerning greenhouse
gas management by coal-related industries made by the NCC to the Secretary of Energy in May
2000. It should be read in conjunction with that earlier report, which provides a good overview
of the political, environmental and economic factors framing the greenhouse gas issue, and a
detailed discussion of various carbon sequestration options. In this report, we have built on the
findings of the earlier report, incorporating new information gathered over the last three years
and analyzing in more detail the opportunities, needs and impediments to the development and
deployment of technology to reduce greenhouse gas emissions from coal-based industries.
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Findings
Status of Current Programs for Voluntary Action
There has been widespread participation across a range of industries in voluntary programs to
reduce greenhouse gas emissions. As described below, the number of participants and reported
projects in the Voluntary Reporting of Greenhouse Gases Program ("1605b Reporting") has
grown steadily since the program's inception a decade ago, and a wide variety of emissions
reduction and sequestration projects have been reported.
In February 2003, the Bush Administration's Climate VISION program drew responses from
essentially all of the major energy-intensive industrial sectors, which put forward specific action
plans to meet the goal of reducing greenhouse gas emissions intensity by 18% in the next decade.
The various public-private partnership programs, such as Climate Wise, the Landfill and Coalbed
Methane Outreach, and the Green Lights programs, have drawn formal commitments to reduce
future emissions from 85 entities.
This significant response of U.S. businesses to calls for voluntary action demonstrates that they
view global climate change as an important issue. Companies are taking steps to identify not
only the risks and challenges associated with the evolving climate change arena, but also the
business opportunities that could be developed. To do this, however, companies must first have
an understanding of the extent and nature of their GHG emissions. In that regard, all of the
voluntary action programs should benefit from the current work underway in the Department of
Energy to provide improved guidelines for reporting GHG emissions and reductions under the
1605b program. It is important that changes to the 1605b program are consistent with
accounting and reporting principles supported by U.S. industry, and, to the extent possible,
harmonized with international accounting and reporting protocols.
To some extent, greenhouse gas reductions through voluntary actions have been inhibited by
certain regulatory impediments. That is, environmental regulations can be a disincentive for
businesses to take actions to sequester or control greenhouse gas emissions. Two examples are
cited in this report: reclamation requirements that inhibit more productive forestation practices
on mined lands, and the implementation of New Source Review procedures that discourage
power plant operators from making efficiency improvements.
Partnerships for Greenhouse Gas Management
The federal government has established or announced several programs to address the technical,
environmental and societal challenges to widespread adoption of GHG management technologies
by private industry, both domestically and internationally. Three of these programs, highlighted
in this report, are the Regional Partnerships for Carbon Sequestration, the Climate VISION
Program (see above), and the Carbon Sequestration Leadership Forum.
The Regional Partnerships program recognizes that opportunities for and impediments to largescale carbon sequestration are likely to have a great deal of regional specificity. There will be
differences in technical, economic and regulatory requirements depending on the type of
sequestration sink and its location. The Regional Partnerships will address these issues through
assessment projects during Phase I and field testing of promising options in Phase II.
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Efforts also are under way to coordinate research and voluntary action on greenhouse gas
management internationally. Since its climate change policy was announced, the Bush
Administration has announced a number of bilateral international partnerships and other
initiatives for international cooperation focused on collaborative efforts meant to address
climate-related issues. Examples of opportunities for cooperation that may result in significant
GHG reductions include, but are not limited to, CCT and CO2 capture and storage technology
development, expanded use of cogeneration and renewable sources of energy, as well as concrete
ways of reducing GHG emissions through sustainable agriculture and forestry management
practices.
On February 27, 2003, the Departments of State and Energy announced the formation of the
Carbon Sequestration Leadership Forum, a ministerial-level international organizational focusing
on enhancing international opportunities to address GHG management. The partnership will
promote coordinated research and development with international partners and private industry,
including data gathering, information exchange, and collaborative projects.
Efficiency in Electricity Generation
Efficiency improvement in electricity generation is a very important near-term option for
reducing greenhouse gas emissions from coal-based power plants. Increased efficiency has
several benefits. First, it can decrease the cost of electricity generation by reducing fuel
consumption. Second, it can provide additional generating capacity at relatively low cost,
without the need to site and build new plants. Third, it will, in most cases, reduce emissions of
the criteria pollutants and the production of solid waste in proportion to the efficiency increase.
Finally, it will decrease emissions of CO2 in the same proportion.
In this report, we considered efficiency improvements that can be applied to the existing
generating fleet, and those that can be achieved by the commercial deployment of advanced
clean coal technologies in new facilities.
With respect to the existing fleet, 75% of existing plants are candidates for retrofit of
technologies to increase boiler or steam turbine efficiency, and 25% could be retrofitted with a
CCT. If these improvements all were implemented it would result in an overall efficiency
increase of approximately 8%, with a proportional decrease in CO2 emissions. In terms of
emission reductions, this would be the equivalent of replacing or repowering 24 GW of existing
coal-based generating capacity with “zero-emission” technology, with a corresponding CO2
emission reduction of approximately 200 million tons annually.
As a result of the DOE-industry sponsored CCT Program, a number of new coal-based power
generating systems of increased efficiency are now commercially available. Others will be
available for demonstration and deployment after 2010. Four specific technologies are discussed
in this report, either because of their readiness for application or significant promise of
performance in the near future (with further development):
•
•
•
•

Pulverized coal (PC) combustion with supercritical (SC) and ultra-supercritical (USC) steam;
Pressurized Fluidized Bed (PFBC) Combined Cycle with Topping Combustor (PFBCwTC);
Integrated Gasification Combined Cycle (IGCC); and
Hybrid Gasification/Fuel Cell/GT/Steam (DOE’s Vision 21Cycle)
3

These technologies offer 45% cycle efficiency (LHV), leading to a potential for a 25% CO2
emissions reduction, compared to installed capacity. United States and international R&D
efforts are in progress to develop advanced materials for USC plants with the prospect of an
efficiency increase up to 50% (LHV). Such plants are expected to be available for initial
deployment by 2010.
At present, capital costs, operating costs and the cost of electricity are lower for PC-SC steam
than for the combined cycles. However, PFBCwTC and, especially, IGCC could become more
competitive if CO2 sequestration were required, because of the lower potential cost for CO2
capture with these advanced systems.
Vision 21 Cycle aims at “zero emissions” and >60% cycle efficiency. Development of this
advanced power generation system is worthy of governmental and industrial support. It is the
best prospect for extending coal use while meeting more stringent environmental limitations.
CO2 Capture Technology
Analysis of the pathways to atmospheric CO2 stabilization suggests that carbon capture and
storage (i.e., sequestration) could ultimately account for more than 40% of global CO2 emission
reductions. However, this will require an extraordinary acceleration of current research
programs, because there are no suitably developed technologies for capturing CO2 at large
sources, including coal-fired power plants, or for storing CO2 in geologic or oceanic sinks.
Capturing CO2, in particular, poses large challenges in the areas of cost and energy consumption,
and is generally considered to be a major economic impediment to the large-scale adoption of
sequestration technology.
For conventional combustion-based plants, the partial pressure of CO2 in the flue gas is only 2-3
psia. Of the five major types of processes being studied, the most developed is chemical
absorption, which is commercial in the chemical and natural gas processing industries, although
at a smaller scale than that required for power plants. A few power plant demonstrations using
amine-based CO2 removal systems are under way worldwide on relatively small generating
units.
The chief drawbacks are large and expensive contacting and pumping equipment and the large
amount of energy needed to desorb captured CO2 and regenerate the sorbent. The total impact on
a new supercritical unit would raise the cost of electricity (COE) by >60% and reduce net
electrical output by about 30%. The impact of a retrofit to an existing subcritical unit would be
even greater. Nonetheless, gaining experience operating pilot and full-scale systems at power
plants is crucial to overall commercialization efforts, and these processes offer a solid basis for
such testing as well as opportunities for cost and performance improvement.
Removing CO2 from integrated gasification combined cycle (IGCC) plants is relatively easier.
Gasifiers can be operated in a “steam shifted” mode to produce synthesis gas with a CO2 partial
pressure exceeding 150 psia. Of the five major types of process being explored, the most
developed is physical absorption. According to a recent DOE-EPRI study for a 90% CO2
reduction requirement at new power plants, an IGCC unit with CO2 capture could have a COE
25% lower than that of a PC unit using monoethanol amine (MEA), assuming IGCC power block
4

cost reduction goals are met. In absolute terms, however, the cost adders and energy penalties
for IGCC CO2 removal are high, and warrant further R&D.
Given the magnitude of the problem, research is needed on a wide range of new concepts, such
as CO2 clathrate (hydrate) separation, which offer promise for lower-cost CO2 and H2S removal.
Given the time before wide-scale sequestration is likely to be practiced, there is an opportunity to
explore a wide range of potential capture options, applicable to both gasification and combustion
systems, in the hope that breakthrough technology can be identified to reduce the onerous costs
and energy penalties of current approaches.
Carbon Sequestration
After CO2 has been separated and captured from flue gas or syngas, it must either be stored or
put to use. Several concepts for storage have been evaluated; however, options for carbon
sequestration vary depending on the locations of storage sites and types of storage/ sequestration
technologies used. The choice of sequestration option may also depend on the technology that
generates the CO2. For example, for combustion systems, it may be desirable to sequester CO2
that contains other flue gas components, such as the acid gases. The capacity, effectiveness, and
potential health and environmental impacts of various types of CO2 storage systems and the
potential impacts of inadvertent releases are key areas of scientific uncertainty. Leading
approaches to CO2 storage described in this report include:
•
•
•
•
•
•

Geologic Sequestration
Terrestrial Sequestration
Ocean Sequestration
Novel Sequestration Systems
Novel Integrated Systems
Utilization

Funding provided by the DOE and the private sector for carbon capture and sequestration
research has increased considerably since the first National Coal Council report on this subject in
May 2000. In FY 2000, the DOE carbon sequestration budget was around $8 million. By FY
2003, this had been increased to $42 million. As of October 2002, the DOE/FE portfolio
included 104 projects, with a total value of $162 million. Significantly, the non-federal cost share
($66 million) represents 40% of the total, indicating willingness on the part of private industry to
invest in this research, despite the uncertain need for and timing of its eventual application.
Demonstration of Capture and Sequestration Technology
One common need for all potential sequestration technologies is large-scale demonstration that is
long enough to prove their technical and economic feasibility and to ensure that their CO2
remains permanently in storage. Given the number of possible sinks and likely regional
differences in the characteristics of these sinks, there is a need for a several of these large-scale,
long-duration demonstrations.
As with any major new technology with enormous financial, environmental, and energy security
ramifications, CO2 sequestration technologies cannot be considered commercially ready until
successfully proven at full-scale, under “real-world” conditions, for a period of time adequate to
assure expectations of prolonged safety and reliability. Any demonstration needs to convince
prospective public- and private-sector investors that the costs and risks are sufficiently
understood and acceptable so as to enlist the commitment of manufacturers and service
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providers, financiers and insurers, state and local authorities, and the public. These
demonstrations also must provide adequate scientific information on which to base future
regulatory requirements related to the deployment of sequestration technology.
Given the diverse make-up of the coal-based generating fleet, the wide variation in the types and
properties of regionally economical fuels for power production, and the tremendous range of
terrestrial ecosystems and subsurface geological features found across the U.S., effective national
deployment of carbon sequestration measures will require the development and
commercialization of a portfolio of CO2 capture and storage technologies.
In this regard, we note the Department's current call for proposals to create regional partnerships
in the U.S. to identify sequestration options pertinent to specific geographic areas of the country,
and to conduct feasibility and field studies of promising sequestration options. One outcome of
this program should be a much clearer picture of the number of demonstrations that are
necessary to qualify sinks of sufficient size to support large-scale sequestration (if it is required
in the future).
To begin to populate a commercial sequestration technology portfolio over the medium-term (815 years), development and/or refinement of the most defined promising options and
demonstration at pilot scale must begin immediately. Commercial success at full scale will
require the effective integration of technologies for capturing CO2 at power plants, safely
transporting it to storage sites, and assuring that placed CO2 will remain sequestered from the
atmosphere for centuries. Therefore, addressing integration issues in conjunction with the pilotscale demonstrations will accelerate their resolution at full scale.
Carbon Sequestration and the “Hydrogen Economy”
Just as coal plays a major role in the production of electricity, it has the potential to do the same
for hydrogen. The added costs for CO2 capture and storage will be significantly lower for
hydrogen production than for electricity production. To the extent that gasification is the
preferred route of producing hydrogen from coal, implementing gasification technologies will
position coal to take advantage of this potential new market should a hydrogen economy evolve.
The recently announced Presidential FutureGen Sequestration and Hydrogen Research Initiative
could well serve as a major platform for developing CO2 sequestration in conjunction with coal
gasification. This unique facility is envisioned to provide R&D capability to allow testing of
novel equipment under realistic conditions and may carry a significant share of U.S. R&D
activities. However, it will still be necessary to have multiple demonstrations or combinations of
pilot and demonstration projects to cover differing gasification designs, or designs not based on
gasification technology, with differing coals and differing regional types of sequestration.
Non-CO2 Greenhouse Gases from Coal Production and Use
Carbon dioxide from coal combustion is the principal greenhouse gas emission associated with
coal. However, two additional gases, methane and nitrous oxide, also are emitted during coal
production and use. They may represent targets of opportunity for near-term reductions in
greenhouse gas emissions.
Coal mine methane (CMM) is one of several major sources of anthropogenic methane,
accounting for about 10% of anthropogenic methane emissions in the U.S. CMM is responsible
6

for about 1% of the total GWP of U.S. anthropogenic emissions of all GHGs. The U.S. coal
industry has made substantial progress in recovering and using CMM though drainage systems.
Of the 134 Bcf of CMM liberated from underground mines in 2000, 36 Bcf was recovered and
used. This recovery represents an almost three-fold increase from the 13.8 Bcf recovered in
1990.
Currently, the recovery of CMM is driven by two factors: the resulting improvement in mining
conditions and the value of the gas. Most of the recovered CMM is used as pipeline-quality gas,
although smaller quantities are used at qualities not meeting pipeline specifications and some is
used as combustion air. Technologies under development -- including ultra-lean-burn turbines
and methane concentration systems -- could expand the options available for recovery and use.
Future GHG reduction requirements, in conjunction with advanced recovery technologies, could
easily result in increased recovery or utilization of CMM.
N2O has a GWP 296 times that of CO2. Because of its long lifetime (about 120 years) it can
reach the upper atmosphere, depleting the concentration of stratospheric ozone, an important
filter of UV radiation. N2O is emitted from fluidized bed coal combustion; global emissions
from FBC units are 0.2 Mt/year, representing approximately 2% of total known sources. N2O
emissions from PC units are much lower. Typical N2O emissions from FBC units are in the
range of 40-70 ppm (at 3% O2). This is significant because at 60 ppm, the N2O emission from
the FBC is equivalent to 1.8% CO2, an increase of about 15% in CO2 emissions for an FBC
boiler. Several techniques have been proposed to control N2O emissions from FBC boilers, but
additional research is necessary to develop economically and commercially attractive systems.
Assessing the Cost of Greenhouse Gas Management
The cost of technological options to reduce, capture, and sequester CO2 depends on a large
number of factors. Different cost studies typically employ different assumptions that often are
not fully communicated or well understood by their audience. Different assumptions can
significantly influence cost results, and lead to large uncertainties that are frequently not
reported. For technologies at pre-commercial stages of development, costs are especially
uncertain. To the extent that cost estimates often are a factor in decisions about technology
development or deployment, the basis for those estimates, and their uncertainties, needs to be
better characterized in ongoing work.
Future GHG emission constraints would affect the price and availability of electricity — two
factors that could have a profound impact on the U.S. economy. Because coal is abundant
domestically, and its price is low and stable relative to other fossil fuels, the predominance of
coal-based power plants has helped keep U.S. electricity affordable, reliable, and secure.
If stringent CO2 reduction requirements are imposed, the cost of electricity and the balance in the
fuel mix could change dramatically. CO2 removal technologies would be unprecedented in their
cost and energy consumption, compared to the emission controls for SO2, NOx, and particulates
adopted over the last 30 years. In the absence of commercially available CO2 capture and
sequestration technologies, substantial near-term (less than 10-12 years) CO2 emission reduction
requirements would likely force many coal-fired plants to be retired prematurely. This would
likely lead to a further surge in the construction of new NGCC plants. Such a shift would place
tremendous pressure on the gas production and pipeline industries to keep up with demand, and
would tend to tie electricity prices ever more tightly to the price of natural gas, a fuel with a
much more volatile price history than coal. While the historic price differential of gas to coal is
7

about 2:1, recent trends and availability projections may make that gap even greater in the future.
Under this scenario, higher natural gas price prices would result in great impacts on the cost of
electricity and on the economy in general.
Deployment of Greenhouse Gas Emission Reduction Technology
Implementing the technologies described in this report will require transitions both in the
technology itself and in the policies and regulations that will govern the electricity generation
business of the future. The need for orderly transitions is necessary due to the desire to minimize
technical and financial risk on the parts of the generating companies and the financial institutions
that will invest in new power plants.
It is likely that existing coal-fired plants will continue to provide the majority of our nation’s
electricity for decades to come, unless political decisions are made which force their retirement
for economic reasons. Ultimately, economic and technical factors will make it necessary to build
new power plants to replace retiring capacity and to meet load growth. As indicated in this
report, significant reductions in CO2 emissions can be achieved in the near term by increasing the
efficiency of the existing generating fleet. Moreover, replacement or repowering of the existing
units with new, more advanced CCTs can further increase fleet efficiency and reduce CO2
emissions. Finally, new plants can be designed to facilitate CO2 capture and sequestration, if this
becomes necessary and technologically and economically feasible.
Three important components of federal policy in this regard are support of research and
development, cost-sharing by the federal government in the first-of-a-kind demonstration of new
technology, and tax incentives to encourage replicate deployment of demonstrated technologies.
The latter is particularly important for encouraging investment in capital-intensive technologies
such as central-station coal-fired power plants. The argument is that some number of these new
technologies must be built to move the technology along a “learning curve” that reduces
technical risk and cost to the point that plants can attract conventional commercial financing.
This concept is embodied in the National Environmental and Energy Technology (NEET)
legislation, which has been introduced in both the House and the Senate.
Timely advances in coal technology cannot be achieved without a significant increase in RD&D
funding that will permit commercial viability within the next 10 years. This is problematic in the
current economic and regulatory environment because power plant operators are under extreme
pressure to reduce costs and are unwilling to invest in new technologies. Investing now in an
advanced power plant technology requires patience, because the investment will not earn a return
until some time after successful commercialization.
All of these issues suggest that traditional forms of private-sector funding for new technologies
may not be feasible in today’s electricity generation business environment. Public-private
consortia are emerging as a mechanism to provide the needed resources for technology
development. They allow for front-loading the R&D processes, as well as the early stages of
pilot and full-scale tests. DOE funding of research for the advanced coal program follows this
precept, in that the DOE cost share is higher for high-risk technology development and lower for
commercialization activities. This approach has been a success in prior programs, such as the
CCT Program, and it is working well to sustain interest in the current Vision 21 program. It is
anticipated that it will be successful in the FutureGen program as well.
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Although these programs encourage private-sector participation in the technology development
process, the current funding levels are not adequate to develop and commercialize the
technologies that the U.S. will need to deploy a new fleet of advanced coal-based generation
systems.
Recommendations
Implementing Greenhouse Gas Management Technology
•

The Department should continue to promote public-private partnerships, both domestically
and internationally, to identify opportunities, incentives and regulatory impediments
affecting voluntary actions to reduce GHG emissions, and to conduct research and technical
assessments of carbon management technologies and opportunities.

•

The Department should expedite revisions (as detailed in this report) to the National Energy
Policy Act 1605b reporting guidelines for GHG emissions in a way that ensures they are
sufficiently flexible to encourage voluntary action, and consistent with similar guidelines
being developed by other public- and private-sector organizations.

•

The Department should provide objective technical and economic information to inform
public policy decisions and private investment decisions regarding GHG technologies. The
Department also should work with other government agencies and the private sector to help
develop and implement economic and other incentives (including removal of regulatory
impediments) to accelerate the deployment of highly efficient advanced coal-based power
technologies and other means of GHG emissions reduction. Early deployment of these
advanced technologies is critical to reducing the cost of commercial application.

•

The Department, working with other agencies as appropriate, should identify and assist in
exploiting near-term opportunities for reductions of non-CO2 GHGs associated with coal
production and use, including emissions of methane and N2O, and enhanced carbon
management on mining lands.

•

The Department should expand its cooperation with the Departments of State and Commerce
in the areas of international research, development and demonstration for carbon
management technologies as it has begun to do with the FutureGen Project. This cooperation
should be conducted in concert with the domestic programs underway at DOE, in recognition
of the global nature of GHG issues.

Developing Greenhouse Gas Management Technology
•

The Department should continue to work closely with the private sector to improve and
refine the technology “roadmap" for advanced coal-based power generation technology and
carbon capture, transport and sequestration technology with particular attention to defining
the time and cost necessary to achieve the roadmap's technical and economic goals.

•

The Department should conduct and support R&D to improve the efficiency of coal-based
9

power generation for both new and existing (or repowered) units as the most cost-effective
and commercially available near-term means for reducing GHG and other emissions. This
R&D includes:
o Materials for ultrasupercritical steam units capable of up to 50% LHV (47.5% HHV)
cycle efficiency;
o Improvements in IGCC technology (syngas cleanup and gas turbine development) to
enhance availability and reliability;
o Novel combustion processes capable of lower-cost CO2 capture; and
o Development of the Vision 21 Fuel Cell Gas Turbine Hybrid to enable demonstration
by 2010.
•

The Department should expedite research on a wide range of CO2 capture options applicable
to either gasification or combustion technologies, to improve energy efficiency and reduce
the cost of capture, and to explore promising novel technologies now in the laboratory or
conceptual stage of development.

•

The Department should continue and expand the core R&D and demonstration programs as
described in the report. In addition, the Department should further develop the FutureGen
project (including its associated goals for hydrogen and fuels production) as a research
platform leading to technology demonstrations, while recognizing that the core R&D
program is necessary to support not only FutureGen but a wider range of important coal
technology.

•

The Department should develop a set of guidelines regarding the key assumptions that should
be reported when estimating the costs of CO2 reduction technologies (including carbon
capture and sequestration systems). These guidelines should include methods to characterize
uncertainty in the reported results.

Demonstrating Greenhouse Gas Management Technology
•

The Department should conduct a sufficient number of large-scale, long-term field tests of
promising sequestration options to ensure that sinks of sufficient size and integrity are
available to store the large volumes of CO2 that would need to be sequestered if reductions
were required. The tests are necessary to fully understand the technical, economic and
environmental consequences of sequestration within the context of regional characteristics.
The Department should begin them as soon as possible, because of the long time duration
needed for adequate evaluation.

•

The Department should support multiple, large-scale, integrated demonstrations combining
the most promising generation, capture and sequestration technologies based on the
development of the unit components and design studies of the integrated systems.
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SECTION 2:
EXISTING VOLUNTARY PROGRAMS AND
PUBLIC-PRIVATE PARTNERSHIPS FOR
GREENHOUSE GAS MANAGEMENT
2.1 Summary
This section outlines the recent voluntary actions by industry to reduce, avoid, sequester and
control GHGs. The main emphasis will be on actions taken by coal producers and consumers,
but other examples of voluntary actions by other entities are also presented. U.S. industry has
been able to produce significant reductions in GHG emissions through a range of voluntary
programs initiated in partnership with DOE. The success of these programs (and the lessons
learned from them) have formed the bases for follow-on voluntary programs which will continue
to provide GHG emission reductions in the future.
The main source for this information is the U.S. Energy Information Administration’s (EIA)
report, “Voluntary Reporting of Greenhouse Gases 2001.” Values presented in this section are as
reported by participants in this program for 2001.
2.2 Energy Policy Act of 1992 - Section 1605(b) Program
The Voluntary Reporting of Greenhouse Gases Program, established by Section 1605(b) of the
Energy Policy Act of 1992, records the results of voluntary measures to reduce, avoid, or
sequester GHG emissions. Since its inception in 1994, this program has received reports of over
2,000 projects to reduce or sequester GHG emissions. Reports have been filed from entities
representing 38 different industry segments, as distinguished by the SIC codes of the reporting
organizations. As exemplified by the projects highlighted in this report, voluntary GHG
reductions since 1994 have been achieved by a wide variety of actions, including increased
energy efficiency, enhanced resource recovery, waste minimization and changes in land use
practices to increase terrestrial sequestration. The number of reporting entities has more than
doubled since the program began, while the number of reported projects has almost tripled.
A total of 228 U.S. companies in 25 different industries or services reported to the EIA that they
had undertaken 1,705 projects to reduce or sequester GHG emission reductions. The projects
reported a total of 60.5 million metric tons carbon equivalent (MMTCE) or 244.5 million tons of
CO2 (MTCO2) of direct reductions, 19.4 MMTCE (78 MTCO2) of indirect reductions, 2.2
MMTCE (8.8 MTCO2) of reductions from carbon sequestration, and 4.1 MMTCE (16.5 MTCO2)
of unspecified reductions.
Of the 109 organizations reporting at the entity level, 104 calculated their entity-wide GHG
emissions. These entities reported direct GHG emissions of 246 MMTCE (993 MTCO2), equal
to about 15% of total U.S. GHG emissions. Also reported by these organizations were 40
MMTCE (162 MTCO2) of indirect emissions, equal to 2% of total U.S. GHG emissions. Also,
107 entity-level reporters tallied emission reductions, including 46 MMTCE (186 MTCO2) of
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direct emissions reductions, 7.7 (31 MTCO2) of indirect emission reductions, and 1.9 MMTCE
(7.7 MTCO2) of emission reductions resulting from carbon sequestration projects.
In the early years of the program, reporting was dominated by electric utilities. In the first
reporting year, the 95 submissions from electricity producers represented 88% of the 108 reports
received. Since then, the program has seen an influx of new participants from outside the
electric utility sector, representing a diverse set of other industries. Several mergers and
acquisitions involving reporters to the program have accompanied the ongoing restructuring of
the electric utility industry. Many of these merged entities have submitted single, consolidated
reports, thus reducing the number of reports received from electricity producers. As a result,
only 45% of the organizations reporting to the program for data year 2001 were from the electric
utility industry.
Most projects involve actions within the U.S. Some are conducted in foreign countries, designed
to test various concepts of joint implementation (JI) with other nations. Fifty-eight of the 89
foreign projects represent shares in two forestry programs in Belize and Malaysia sponsored by
the electric utility industry.
The principal objective of the majority of the projects reported was to reduce CO2 emissions.
Most of these projects reduced CO2 either by reducing fossil fuel consumption or by switching to
less carbon-intensive sources of energy. Many also achieved small reductions in emissions of
other gases. A total of 900 projects involved either efficiency improvements and switching to
less carbon-intensive sources in the electricity industry or energy end-use measures affecting
stationary or mobile combustion sources. Projects that primarily reduced CO2 emissions also
included the 87 “other” emissions reduction projects -- most of which involved either the reuse
of fly ash as a cement substitute in concrete or the recycling of waste materials.
Projects that primarily affected CO2 emissions accounted for reported direct reductions of 51
MMTCE (206 MTCO2), representing 76% of the total direct reductions reported. In addition,
indirect reductions totaling 8.5 MMTCE (34 MTCO2) were also reported for the projects that
reduced CO2 emissions.
A variety of efforts to reduce emissions of gases with high global warming potentials (GWPs)
were also reported. In this group, 293 of the reported projects (17%) reduced methane and
nitrous oxide emissions from waste management systems, animal husbandry operations, oil and
gas systems, or coal mines. The direct emission reductions for these projects totaled 7.9
MMTCE (32 MTCO2), representing 13% of the total direct reductions reported. Indirect
reductions reported for projects that reduced methane and nitrous oxide emissions totaled 11
MMTCE (44 MTCO2). The 47 projects reported on the short form reduced emissions from
unspecified sources by a reported 1.1 MMTCE (4.4 MTCO2).
Coal Mining
CONSOL Coal Group reported its reductions as an entity-level reporter, without defining
specific projects that were responsible for directly reducing the emissions. CONSOL was one
out of the 48 companies that reported only entity-level information. 109 of the 228 companies
reported entity-level information, while 61 of all the participants in the program reported both
entity-level information and project-level information.
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CONSOL Coal Group reported the largest individual entity-level direct emissions reduction at
5.2 MMTCE (21 MTCO2), accounting for 11% of the total reported CO2 equivalent direct
reductions. These reductions are the combined effect of changes in mining operation, the
initiation of coal bed methane (CBM) gas sales projects, and the internal use of CBM as a fuel.
There were 16 projects reported to specifically reduce methane emissions from coal mines, with
total direct emission reductions of 538,285 metric tons (3.15 MMTCE) and indirect reductions of
96 metric tons methane (550 metric tons carbon equivalent).
Jim Walter Resources, Inc., reduced methane emissions by 242,570 metric tons (1.4 MMTCE) ,
mostly due to the capture and sale of gob gas to an interstate pipeline. These gob wells are
drilled in advance of the longwall mining in order to assist in the removal of methane from the
active mine operations. The company also practices degasification through horizontal boreholes
on all their deep mines.
Two other companies contributing to the methane reductions at coal mines were U.S. Steel
Mining Company, reporting direct methane reductions of 106,771 metric tons methane (0.6
MMTCE) from its two projects and El Paso Production Company, reporting direct reductions of
79,914 metric tons (0.45 MMTCE) from its project in White Oak Creek coalbed in Alabama.
None of the coal mining companies reported any sequestration projects that involved
afforestation or reforestation. Mining companies are required under Subchapter B 30 CFR
Surface Mining Law Regulations, to re-vegetate all post-mining areas. Under Part 715, the code
requires that “a diverse, effective, and permanent vegetative cover of species native to the area of
disturbed land or species that will support the planned post-mining uses of the land approved
according to Sec. 715.13.” If the land use category is changed, i.e., from a rangeland, cropland,
hayland, or pasture to a forest land, it would have to be approved by the regulatory authority,
after consultation with the landowner provided it meets the criteria outlined in Sec. 30 CFR
715.13 (d). If introduced species were to be substituted for native species, the regulatory
authority would have to approve it after the appropriate field trials demonstrated the species had
equal or superior utility.
While there are opportunities for mining companies to be involved with afforestation projects,
regulations have not allowed companies to transform a rangeland into a forest.
Electric Utilities
Eighty-four electric power providers reported 391 projects that reduced emissions a total of 45.6
MMTCE (184 MTCO2) through direct and indirect sources. Electric power projects are reported
in two categories:
(1) carbon content reduction; and
(2) increased energy efficiency in generation, transmission, and distribution.
Carbon content reduction projects include availability improvements, fuel switching and
increases in lower emitting capacity. Increased efficiency through generation, transmission, and
distribution projects includes such activities as heat rate improvements, cogeneration and waste
heat recovery, high-efficiency transformers, and reductions in line losses associated with
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electricity transmission and distributions. A total of 188 projects reporting 4.6 MMTCE (18.5
MTCO2) were for increased energy efficiency and 225 projects representing 42 MMTCE (169
MTCO2) were reported under carbon content reductions. About three-quarters of the reported
electric power projects were related to nuclear power.
Of the 188 projects related to energy efficiency, 117 projects were defined as improvements in
generating efficiency. Heat rate improvements at coal-fired power plants are a commonly
reported means of increasing efficiency and reducing CO2 emissions. There are numerous
opportunities for improving efficiency at existing power plants. The reductions reported were
2.5 MMTCE (10.2 MTCO2) – 5.56% of the total emissions reported by power companies.
FirstEnergy Corporation reported heat rate efficiency improvements on the Ohio Edison System
that were accomplished through:
(1) shutdown of less efficient coal-fired boilers;
(2) installation of enhanced boiler controls; and
(3) turbine modifications.
This project reported a reduction of 8.6 trillion Btu in consumption of bituminous coal, resulting
in direct reductions of 0.22 MMTCE (0.89 MT CO2) emissions.
American Electric Power (AEP) reported 71 projects that reduced emissions. Two of these were
related to emission reductions from heat rate improvement projects at their coal-fired power
plants accomplished through operational changes, equipment changes, and improved load
optimization. The emission reductions reported were 0.35 MMTCE (1.4 MT CO2).
Southern Company reported one project out of 34 on heat rate improvement on coal-fired
capacity. From 1990 to 1994, Southern Company improved their average net heat rate by better
operation and maintenance of plant equipment. Examples include enhanced boiler heat recovery
in economizer and air preheater systems, component replacement for efficiency gain (fans, heat
exchangers, pumps), heat rejection upgrades, and improved turbine performance
monitoring/maintenance. For 1995-2000, the average coal-fired heat rate increased, mostly due
to emission control projects required by the 1990 Clean Air Act Amendments. With the number
of selective catalytic reduction (SCR) systems coming on-line and installation of flue gas
desulfurization (FGD) systems, further improvements in heat rates will no longer be achievable.
Tennessee Valley Authority has reported a total of 7.4 MMTCE (30 MT CO2) direct and indirect
emission reductions, with 25 projects defined.
Coal Ash
Thirty-seven projects were reported that reused coal ash. This accounted for indirect reductions
of 1.46 MMTCE (5.9 MT CO2) that represented over 7 million metric tons of coal ash reused.
FirstEnergy recovered 177,800 tons of fly ash to be used in the production of Portland cement,
which was an indirect reduction of 0.42 MMTCE (0.14 MTCO2). Fly ash substitution for
Portland cement saves CO2 emissions by displacing Portland cement that would otherwise need
to be produced. CO2 emissions saved in the Portland cement manufacturing process results from
the direct combustion of fossil fuels plus from the calcination of limestone that will be avoided.
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AEP sold fly ash for use in ready-mix concrete, pozzolan, and concrete block. They recycled
741,827 tons of fly ash for an indirect reduction of 0.17 MMTCE (0.58 MTCO2). This was the
second largest quantity of coal ash reuse. (TXU recorded the largest.)
Energy End Use
Reported reductions for the 329 energy end-use projects reported on the long form included 5.2
MMTCE (21 MTCO2) from direct sources and 2.2 MMTCE (8.8 MTCO2) from indirect sources.
Energy end-use reductions were reported for stationary-source applications, such as building
shell improvements, lighting and lighting control, appliance improvement or replacement, and
heating, ventilation and air conditioning improvements. Much smaller reductions were reported
for the 53 transportation projects reported on the long form, including 0.12 MMTCE (0.049
MTCO2) from direct sources and 0.024 MMTCE (0.097 MTCO2) from indirect sources.
Carbon Sequestration
Almost all of the 369 carbon sequestration projects reported to EIA increased the amount of
carbon stored in sinks through various forestry measures, including afforestation, reforestation,
urban forestry, forest preservation, and modified forest management techniques. EIA recorded
that 45 of the 51 reporters involved in forestry or natural resources programs that sequestered
carbon or reduced emissions in 2001 were electric utilities.
These activities accounted for 25% of the projects reported on the long form; 243 of the reported
carbon sequestration projects presented 27 electric utilities’ shares in nine projects conducted by
the UtiliTree Carbon Company. The sequestration reported for carbon sequestration projects on
the long form totaled 2.2 MMTCE (8.8 MTCO2). Direct emission reductions totaling 0.0003
MMTCE (0.0012 MTCO2) were also reported for a few carbon sequestration projects in which
changes in forest management practices reduced fuel consumption. A further 14 carbon
sequestration projects reported on the short form sequestered or avoided emissions of 0.0025
MMTCE (0.01 MTCO2).
AEP accounted for the largest number of projects (14% of the 251 afforestation and reforestation
projects). AEP reported 34 afforestation projects on land owned by its operating companies,
which sequestered a reported 0.04 MMTCE (0.16 MTCO2). Three of the projects were initiated
in 2001.
AEP reported 11 projects that involved the utility’s annual additions to its modified forest
management efforts conducted in upland central hardwood stands. The stands are selectively
harvested, removing over-mature, mature, cull, and diseased trees. Other steps are undertaken,
as necessary, to improve growing space relationships and maximize the growth rates of the
stands. The combined additional sequestration reported by AEP for these projects in 2001 was
0.004 MMTCE (0.017 MTCO2).
FirstEnergy is involved in an urban forestry project since 1992. Under the tree source project,
17,900 trees were planted in 2001. The company provided ornamental trees, free of charge, to its
Ohio customers for residential planting.
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Methane Emissions
Emission reductions for the 246 methane abatement projects reported on the long form included
7.9 MMTCE (29 MTCO2) from direct sources and 11 MMTCE (44 MTCO2) from indirect
sources. The three most frequently reported sources of methane reductions were municipal
waste landfills (198 projects), natural gas systems (19 projects), and coal mines (16 projects). In
addition to reducing methane emissions, projects that involved the recovery and use of methane
for energy also reduced CO2 emissions by displacing fossil fuels – such as oil and coal – that
have higher carbon contents and thus produce more CO2 when burned.
Future Commitments
Eighty-five entities reported formal commitments to reduce future emissions, to take action to
reduce emissions in the future, or to provide financial support for activities related to GHG
reductions. More than one-third (34%) of these entities are electricity generators participating in
the Climate Challenge Program. Fifty-six other entities also reported commitments. Other
voluntary programs represented among the commitments reported included Climate Wise, the
Voluntary Aluminum Industrial Program, the U.S. Initiative on Joint Implementation, the Green
Lights Program, the Landfill Methane Outreach Program, the Coalbed Methane Outreach
Program, Motor Challenge, and the Sulfur Hexafluoride Emissions Reduction Partnership for
Electric Power Systems.
There are three forms of future commitments in the Voluntary Reporting Program:
1) entity commitments;
2) financial commitments; and
3) project commitments.
Entity and project commitments parallel the entity and project aspects of emissions reporting.
An entity commitment is a commitment to reduce the emissions of an entire organization. A
project commitment is a commitment to take a particular action that will have the effect of
reducing the reporter’s emissions through a specific project. A financial commitment is a pledge
to spend a particular sum of money on activities related to emission reductions, without a
specific promise about the emissions consequences of the expenditure.
Twenty-five firms made 32 specific promises to reduce, avoid, or sequester future emissions at
the entity level. Some of these entity-level commitments were to reduce emissions below a
specific baseline, others to limit the growth of emission per unit of output, and others to limit
emissions by a specific mount relative to a baseline emissions growth trend. In their reports,
companies committed to reducing future entity-level emissions by a total of 25.7 MMTCE (104
MTCO2) – 44% of entity-level emission reduction commitments were for the year 2000, with an
additional 31% falling within the 2001 to 2005 time horizon.
Twenty-nine companies reported on commitments to undertake 182 individual emission
reductions projects. Some of the commitments were linked to future results from projects
already under way and forming part of the reporters’ submissions. Others were for projects not
yet begun. Reporters indicated that the projects were expected to reduce future emissions by 41
MMTCE (166 MTCO2), most of which (24.5 MMTCE or 99 MTCO2 or 60%) would be
reductions of methane emissions.
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Twenty-one firms made 39 separate financial commitments. The total amount of funds promised
was $51 million, of which $7 million was reported to have been spent in 2001.
The Business Roundtable Climate RESOLVE Program
The Business Roundtable is an association of chief executive officers of leading corporations
with a combined workforce of more than 10 million employees in the U.S. and over $3.7 trillion
in revenues. In February 2003, the BRT announced the Climate RESOLVE (Responsible
Environmental Steps, Opportunities to Lead by Voluntary Efforts) program at a U.S.
Department of Energy event in conjunction with the Department of Agriculture, Environmental
Protection Agency and Department of Transportation. The event highlighted cooperative public
and private programs to address climate change. The Climate RESOLVE program encourages
BRT members to report their greenhouse gas management efforts to the Department of Energy.
BRT will regularly report on progress towards the 100% participation goal.
In addition to its call for voluntary action, the Business Roundtable will give its member
companies support and tools to effectively manage GHG emissions. The BRT will assist
companies through workshops, one-on-one consulting support, an implementation workbook and
examples of cost-effective options to reduce, avoid, offset and sequester GHG emissions.
The BRT has stated their belief that the development and deployment of breakthrough
technologies will provide the most effective long-term response to concerns about global climate
change. In the meantime, BRT member CEOs have pledged to apply best management practices
to make American companies among the most greenhouse-gas efficient in the world.
2.3

Improvements in Reporting Protocols

2.3.1

Corporate GHG Accounting and Reporting

Global climate change is viewed as one of the important issues of the 21st century. The
momentum for responding is increasing as governments are adopting aggressive actions,
including potential ratification of the Kyoto Protocol in 2003, and establishing national,
statewide, and regional emissions reporting initiatives or trading schemes. There also is
increasing pressure on businesses in the developed world to demonstrate that they are taking
responsibility to quantify and manage their GHG emissions, particularly for carbon intensive
industries.
Proactive companies are taking steps to identify not only the risks and challenges associated with
the evolving climate change arena, but also the business opportunities that could be developed.
To do this, however, companies must first have an understanding of the extent and nature of their
GHG emissions.
2.3.2

Hierarchy of Existing GHG Accounting and Reporting Initiatives

A range of programs currently exist for reporting, registering, and trading GHG emissions and
emissions reductions. While these programs differ from each other, one thing they have in
common is the need for guidance on how GHG emissions are accounted for and reported. The
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approaches taken by these programs often differ widely, however, even among programs with
similar purposes.
The programs referenced within this chapter can be grouped into four categories:
1. U.S. Government-Sponsored Programs at the Federal and State Level
a. DOE’s Voluntary Reporting of Greenhouse Gases Program - 1605(b) Program
b. EPA’s Climate Leaders Program
c. The California Climate Action Registry
d. The New Hampshire Voluntary GHG Reductions Registry
e. The New Jersey Open Market Emissions Trading Program
f. The Wisconsin Voluntary Emission Reduction Registry
2. Programs Offered by Non-Governmental Organizations
a. The Climate Neutral Network
b. The Climate Trust
c. Environmental Defense Fund’s Partnership for Climate Action
d. Environmental Resources Trust’s GHG Registry
e. World Wildlife Fund’s Climate Savers Program
3. International Initiatives
a. The UNFCCC (e.g., National Registries & Flexible Mechanisms)
b. The World Bank’s Prototype Carbon Fund
c. The World Resources Institute (WRI)/World Business Council for Sustainable
Development (WBCSD) Greenhouse Gas Protocol Initiative
d. The American Petroleum Institute’s (API) Compendium of Greenhouse Gas
Emissions Estimation Methodologies for the Oil and Gas Industry
e. The Chicago Climate Exchange
4. Existing Programs in Specific Foreign Countries or Regions
a. The Australian Greenhouse Challenge
b. Denmark’s National GHG Trading Scheme
c. EurElectric Group’s GHG Emissions Trading Simulations
d. The European Union’s Emissions Trading Directive
e. The Netherlands’ ERUPT (JI) and CERUPT (CDM) Tenders
f. The United Kingdom’s National Emissions Trading Scheme
Within these categories, the programs have a range of purposes. Typically they exist to promote
public recognition of efforts to reduce emissions, to provide protection for emissions baselines
(e.g., ensure that voluntary actions are taken into account if and when a mandatory regime is
adopted), or to promote emissions trading. In some cases, the programs serve more than one
purpose.
2.3.3

Initiatives With Heavy Industry Participation

While there is no universally accepted international business standard for estimating GHG
emissions, three efforts have enjoyed heavy participation from the private sector:
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1. DOE’s Voluntary Reporting of Greenhouse Gases Program – 1605(b)
2. API Compendium of Greenhouse Gas Emissions Estimation Methodologies for the Oil and
Gas Industry, (API, 2001)
3. WRI/WBCSD The Greenhouse Gas Protocol and associated Stationary Combustion Tool
(WRI/WBCSD, 2001)
The DOE Program
The DOE’s Voluntary Reporting of Greenhouse Gases Program, created under Section 1605(b)
of the Energy Policy Act of 1992, allows any company, organization or individual to establish a
public record of emissions, reductions, or sequestration achievements in a national database.
Reporters can gain recognition for environmental stewardship, demonstrate support for voluntary
approaches to achieving environmental policy goals, support information exchange, and inform
the public debate over GHG emissions.
During 2002, the President directed the Secretary of Energy, working with the Secretaries of
Commerce and Agriculture and the Administrator of the EPA, to propose improvements to the
current 1605(b) program to “enhance measurement accuracy, reliability and verifiability,
working with and taking into account emerging domestic and international approaches.” The
President also requested recommendations “to ensure that businesses and individuals that register
reductions are not penalized under a future climate policy, and to give transferable credits to
companies that can show real emissions reductions.”
The API Compendium
The API Compendium project reviewed numerous GHG protocols and methodology documents
in an effort to compare and contrast different greenhouse emission estimation techniques and
develop a document of internationally recognized best practices. Protocols from participating
petroleum companies and publicly available guidance documents and inventory protocols were
included in this detailed review. Internationally recognized sources reviewed under the API
project include:
•
•
•
•
•

EPA’s AP-42 (EPA, 1995 including supplements A through F);
Intergovernmental Panel on Climate Change (IPCC, 1996);
Emission Inventory Improvement Program (EIIP, 1999);
Energy Information Administration (EIA, 1996; EIA, 2001); and
WRI/WBCSD (WRI/WBCSD, 2001)

API is currently reaching out to other protocol development organizations (governmental and
non-governmental) to gain broad peer-review of its efforts, with the ultimate goal of achieving
harmonization of estimation methods and improved global comparability of emission estimates.
Although the focus of the Compendium is on oil and gas industry operations, methodologies
presented for combustion sources and energy generation are directly applicable to electric utility
operations.
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The GHG Protocol Initiative
The WRI/WBCSD GHG Protocol Initiative is an international undertaking to promote the use of
standardized methods for estimating and reporting GHG emissions. Proposed principles and
standards are provided for developing a corporate GHG inventory and for performance reporting.
A separate spreadsheet tool is available for estimating emissions from stationary combustion
sources and energy generation. The WRI/WBCSD GHG Protocol is widely cited and recognized
as the accepted approach for developing GHG inventories.
Module I of the WRI/WBCSD GHG Protocol addressing entity-wide reporting has been
completed. Module II on project-based reporting was launched in 2002 and is not expected to be
completed until the end of 2003. WRI is seeking feedback on reporting efforts using Module I
guidelines.
The EPA Climate Leaders program is using a reporting protocol based on a modified version of
the WRI/WBCSD GHG Protocol. It held a workshop October 2002 to discuss feedback on the
reporting protocol and GHG reduction-setting methodology. Climate Leaders has also “released
for comment”1 its first draft GHG Protocol document, the Stationary Combustion Module.
During 2003, EPA will seek comments on the draft Climate Leaders GHG Inventory Protocol
documents. The protocol will be released in stages as individual modules are completed. After
gathering feedback on all of the inventory protocol modules, EPA will integrate comments,
finalize the modules, and publish the protocol, updating it as needed.
2.3.4

Accounting and Reporting Recommendations

Consistency in Accounting and Reporting Metrics
The U.S. government, through the DOE, should make every effort to ensure that:
•
•

Changes to the 1605(b) program are consistent with the accounting and reporting
principles supported by U.S. industry (e.g., API and GHG Protocol Initiative); and
Wherever possible, be consistent with international accounting and reporting best
practices in an effort to reduce the accounting and reporting burden of U.S. multi-national
corporations.

Nature of Reporting
Reporting should:
• Stay flexible, including retention of the flexibility to report either entity-wide
emissions or project-specific reductions only;
• Accommodate multiple purposes for reporting, including (but not limited to)
recording emissions and achievements, informing public debate, participating in
educational exchange, as well as providing transferable credits, baseline protection
and credit for past actions; and
• Allow the reporter to specify those projects and reductions for which transferable
credits, baseline protection, and/or credit for past action is being sought versus those
reported activities for which it is not being sought.

1

This is not public comment via the Federal Register.
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Reference Cases
1. Multiple options should be available for setting reference cases.2
2. Modified reference cases3 should remain an option (including those developed from emission
rates).
Project-Based "Reductions"
1. Accounting and reporting guidelines should:
• Continue to allow project "reductions" to be reported separately from the reporting of
entity-wide emissions. If entity-wide emissions are reported, the ability to report
project-level reductions should not depend on the entity-wide emissions showing a
reduction.
•

Continue to allow reporting of off-site sequestration projects, including abandoned
mine land reclamation programs.

•

Include projects that avoid emissions and provide an indirect emissions benefit by
reducing energy consumption (including energy efficiency and DSM).

•

Continue to allow reductions from international projects, including those approved by
governments under activities implemented jointly (under the UNFCCC) and CDM
and JI flexible mechanisms (under the Kyoto Protocol).

2. Reporters should distinguish between projects where they have direct control (e.g..,
electricity generators' heat rate improvement programs, enhanced CBM recovery, etc.) versus
those activities where others may affect the level of direct reductions (e.g., electric utilities’
DSM programs).

Entity-Wide Reporting
1. Entities should continue to have the flexibility to choose their reporting boundaries and
otherwise define the scope of their reports in a way that is consistent with a specific
industry’s best practices.
2. Indirect emissions should continue to be a separate, optional category for reporting.
3. If an entity opts to assign a portion of its direct emissions from their operations to purchasers
of their products, they should also report that portion assigned to their customers as an
indirect emissions reduction (e.g., credit) against their direct emissions, in order to accurately
account for all of their emissions. Any reporting in this manner should be in addition to the
reporting of all direct emissions of GHGs from their operations.

2

“Reference case” is the term used in the 1605(b) guidelines for a project baseline, or what the emissions would
have been in the absence of the project.

3

“Modified reference cases” are references cases that recognize that, even in the absence of the project, future
emission levels would differ from historic levels.
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4. Reporting entities should be urged (but not required) to report other categories of direct
emissions if they believe that the emissions from any of the other categories (e.g., fleet
vehicles, methane, N2O) are greater than a de minimis amount established for that industry.
5. Quantification of reductions based on entity-wide emissions should meet the same standards
for “leakage” (and other relevant criteria) that are applied for quantification of reductions
from projects.
Verification
1. Third-party verification should be optional (e.g., it may be desirable for some projects in
order to create fungible/tradable emission reduction credits).
2. In those cases where reporters have elected to have third-party verification of projects, it
would be helpful to have some uniform standards for such verification.
Confidentiality
1. Trade secret and commercial or financial information that is privileged or confidential should
continue to be protected under the Freedom of Information Act, Section 1605(b)(3) or other
applicable law. Any other approach would discourage participation in a voluntary program.
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SECTION 3:
EVALUATION OF RESEARCH AND DEVELOPMENT
NEEDS FOR GREENHOUSE GAS MANAGEMENT
Introduction
Approximately one-third of all CO2 emissions due to human activity arise from the combustion
of fossil fuels used to generate electricity, with each power plant capable of emitting several
million tons of CO2 each year. This contributes to the build-up of GHGs in the atmosphere.
Policy proposals to limit emissions of CO2 and other GHGs are being considered at the
international, national, regional, and local levels.
International efforts to limit GHG emissions are based primarily on the United Nations
Framework Convention on Climate Change (UNFCCC), which seeks “stabilization of
greenhouse gas concentrations in the atmosphere at a level that would prevent dangerous
anthropogenic interference with the climate system.” Although a target concentration has not
been specified, actions to reduce emissions of CO2 and five other major GHGs are proceeding
through policy instruments, such as the emission reduction targets set for developed countries
under the 1997 Kyoto Protocol.
The U.S. has not agreed to the GHG reduction targets set forth under the Kyoto Protocol, but the
Bush Administration has proposed a Global Climate Change Initiative (GCCI) to voluntarily
reduce the carbon intensity of the U.S., as measured by CO2 emitted per unit of GDP, over the
next 10 years. The GCCI has set forth the goal of significantly reducing the GHG intensity of
the U.S. economy over the next 10 years, while maintaining the economic growth needed to
finance investment in new, clean energy technologies. This will require increased R&D
investments with a heightened emphasis on carbon sequestration and reductions in non-CO2
GHG emissions, such as methane and N2O.
Because more than 85% of the CO2 emitted by the power sector originates from coal, achieving
the GCCI-targeted 18% reduction in GHG intensity over the next decade within the power sector
will be a challenge. By focusing on GHG intensity as the metric of choice, the government must
promote vital R&D while minimizing the economic impact of GHG emission reduction on the
U.S. This goal could be accomplished through a synergistic, three-pronged approach, consisting
of:
• Increasing the efficiency of the energy system;
• Increasing the use of low-carbon fuels; and
• Developing technologies to capture and store CO2 from fossil fuels used for energy.
A portfolio of new advanced technologies that would increase energy system efficiency holds
great potential to reduce GHG emissions. In addition, the development of carbon capture and
sequestration technologies will play a critical role if the U.S. is to successfully manage its GHG
emissions.
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Plotting and Following the Technology Roadmap
If GHG management on the scale envisioned in various futurist scenarios is required, it will be a
massive technical and economic undertaking. On the other hand, if the international
community’s will to utilize its abundant fossil fuel resources is not to be denied, the undertaking
will require the development and deployment of new technology at an unprecedented pace and
scale. To achieve this, particularly in an international context, will take a clear vision of what is
needed and what must be done to accomplish it. Therefore, it is imperative that there be broad
consensus embodied in national energy policy that outlines the overall goals, time frame and
costs for achieving them in a comprehensive technology roadmap. The roadmap must include
both a range of options for achieving the goals and a framework for allocating resources to meet
the goals with the greatest economic and temporal efficiency.
Recently, there has been a substantial effort in the technical community to achieve agreement on
a common road map for coal utilization technology directed at the production of electricity and
fuels. This road map has been drawn from individual roadmaps of the DOE, the Coal Utilization
Research Council, and EPRI, and includes greenhouse gas management as a specific objective.
It is important that the roadmapping effort continue to assist DOE, private industry and the
public to update and focus performance objectives, technology options and economic resources.
3.1

Energy Efficiency Improvements

3.1.1

Summary

Enhancing generation efficiency can be the most cost-effective approach for reducing CO2
emissions and simultaneously improving the utilization of coal, a critical domestic energy
resource. With higher efficiency, less coal is used to produce the same power output, resulting in
reduced emissions of pollutants and GHGs. The application of highly efficient, clean power
generating systems is essential for coal to maintain its position as the most important energy
source for power generation.
As a result of the DOE-industry sponsored CCT Program, a number of coal-based power
generating systems of increased efficiency are now commercially available. Others will be
available for demonstration and deployment after 2010. Four specific technologies are discussed
in this section, because of their readiness for application or significant promise of performance in
the near future, with further development:
•
•
•
•

Pulverized coal (PC) combustion with supercritical (SC) and ultra-supercritical
(USC) steam;
Pressurized fluidized bed (PFBC) combined cycle with topping combustor
(PFBCwTC);
Integrated gasification combined cycle (IGCC); and
Hybrid gasification/fuel cell/GT/steam (DOE’s Vision 21Cycle).

These technologies offer 45% cycle efficiency (LHV), with a potential 25% CO2 emissions
reduction compared to currently installed capacity. U.S. and international R&D efforts are in
progress to develop further materials for USC plants with prospects of efficiency increases up to
50% (LHV). Such plants are expected to be available by 2010.
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Capital costs, operating costs, and the cost of electricity are lower for PC-SC steam than for the
combined cycles. However, PFBCwTC and, especially, IGCC could become more competitive
when it becomes commercially viable to add CO2 capture equipment.
Vision 21 Cycle aims at “zero emissions” and >60% cycle efficiency. Development of this
advanced power generation system is worthy of governmental and industrial support. It is the
best prospect for extending coal use while meeting more stringent environmental limitations.
3.1.2

Coal-Based Generation Technologies for New Plants

The efficiency of the existing coal-based power plant fleet in the U.S. is about 35% (LHV).
Advanced coal-based power generation technologies are able to generate electricity at
significantly increased efficiency (>45%, LHV). Several of these technologies have been
developed over the last 15 years through successful government-industry cooperation under
DOE’s CCT Program, and are now commercially available.
Higher efficiency is the key to the reduction of all emissions, since higher efficiency means less
fuel is burned and fewer pollutants are emitted. This includes GHGs such as CO2. Until CO2
capture and removal from flue gas becomes a commercially available technology, efficiency
increases will remain the most practical and cost-effective method for mitigating CO2 emissions.
SC and USC Technology
PC-SC boilers have been in use since the 1930s. With improvements in materials and efficiency,
this system has become the choice of new PC plants worldwide. Efficiency improvements have
been achieved by using higher temperatures. In subcritical steam cycles, the maximum practical
efficiency is just under 40% (LHV). The efficiency of a PC steam plant can be increased in
small steps to beyond 45% (LHV) using SC steam parameters as shown in Figure 1 (Schilling
[1]). The diagram illustrates reduction in waste heat loss, improved combustion to reduce excess
air, and reduction in stack temperature.

Figure 3-1. Improving efficiency in PC power plants (Schilling [1])
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SC steam parameters of 3750 psi/1000 °F single or double reheat with efficiencies that can reach
42% (LHV) represent a mature, commercially available technology for U.S. power plants.
In several papers [2-8], the EPRI reviewed the history and performance of SC units in the U.S.
and in the former Soviet Union, where most of the SC plants have been operated since the 1930s.
SC plants also have a long history in the U.S. The original Eddystone Unit 1 with the most
advanced steam parameters of 4800 psi/1150 °F was constructed in1960 and is still in operation.
There are 157 PC-SC power plants in the U.S. These plants show significant efficiency
advantages of up to three percentage points, without increased outages, over subcritical units.
Further improvement in efficiency achieved by USC parameters is dependent on the availability
of new, high-temperature alloys for superheaters, reheaters, and steam turbines. The state of
development and new USC plant commissioning internationally are shown in Table 3-1. USC
steam plants in service or under construction in Europe and in Japan during the last five years are
listed in Table 3-2. Today, steam parameters of 4500 psi and 1110°F can be realized, resulting in
efficiencies >45% (LHV) for bituminous PC power plants. There are over five years of
experience with these plants in service, with excellent availability.[2] This improved efficiency
represents a significant 25% reduction in CO2 emissions, compared to the emissions from
existing coal-fired capacity.
EPRI is the technical lead organization in a program of materials development [2] aimed at
steam temperatures in excess of 1300°F and enabling further efficiency gains up to 50% (LHV).
The program is undertaken by DOE at its National Energy Technology Laboratory (NETL) and
the Ohio Coal Development Office, with U.S. boiler manufacturers as participants and major
contractors. Specific technical issues being addressed include maintaining efficiency at partial
load, and the effect of load changes on the lifetime of boiler and turbine components.
International efforts, such as the USC Materials Consortium in the U.S., and AD700 in the
European Union aim for further improvement of USC power generation with steam parameters
of 5440 psi and 1292/1328 °F and efficiencies of 50% (LHV). Such plants are expected to be
available within a decade. Application of SC steam cycle parameters is also planned for FBC
systems in order to improve efficiency.
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Table 3-1. International materials development. (Blum and Hald) [2]
Japan

USA

Europe

Development and Plant
Operation: EPDC

Development:
EPRI

Development:
Cost

1981-2000

EPRI Projects: 1978-2003

Cost 501/522: 1983-2003

Turbine and boiler
-Materials development
-Component manufacture
-Pilot plant operation (50 MW)
-Target: 300 bar, 630 °C/ 630 °C

-Basic studies, turbine and boiler
-Thick-walled pipe steels (USA, J, EU
-Standardization achieved
-Trial components in service

Power Plant Orders

Turbine and boiler
-Interaction with VGB, Brite-Euram,
Marcko, ECCC, etc.
-All major power plant components
-Target: 300 bar, 620 °C/ 650 °C

Power Plant Orders

-1000 MW, 241 bar, 593°C, 593°C, comm 97
-1050 MW, 250 bar, 600°C, 610°C, comm 01
- 600 MW, 250 bar, 600°C, 610°C, comm 02

-400 MW, 285 bar, 580°C, 580°C, comm 97
-530 MW, 300 bar, 580°C, 600°C, comm 01
-975 MW, 260 bar, 565°C, 600°C, comm 02

NIMS Materials
Development

DOE Vision 21

Thermie AD700

1997-2007

2002-2007

1998-2013

-Ferritic Steel for 650°C

Materials development and qualification
Target: 350 bar, 760°C (870°C)
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-Materials development and qualification
-Component design and demonstration
plant demo
Target: 400-1000 MW, 350 bar, 700°C,
720°C

Table 3-2. USC plants in service or under construction in Europe and Japan.
(Blum and Hald 2002) [2]
Power Station
Matsuura 2
Skaerbaek 3
Haramachi 2
Nordjylland 3
Nanaoota 2
Misumi 1
Lippendorf
Boxberg
Tsuruga 2
Tachibanawan 2
Avedore 2
Niederaussen
Isogo 1

Cap.
MW
1000
400
1000
400
700
1000
934
915
700
1050
400
975
600

Steam Parameters
255 bar/598°C/596°C
290 bar/580°C/580°C/580°C
259 bar/604°C/602°C
290 bar/580°C/580°C/580°C
255 bar/597°C/595°C
259 bar/604°C/602°C
267 bar/554°C/583°C
267 bar/555°C/578°C
255 bar/597°C/595°C
264 bar/605°C/613°C
300 bar/580°C/600°C
265 bar/565°C/600°C
280 bar/605°C/613°C

Materials Guide
Superheater:
TP347FG:Fine Grain 18 Cr10NiMoNb
Steam Lines and Headers:
P91: 9CrMoVNb

Super304H: 18Cr9Ni3Cu

P92: 9Cr1/2Mo2WVNb

Turbine Rotors
COST 501 F: 12CrMoVNbN101
TMK1: 10Cr1.5Mo0.2VNbN

Year of
Fuel
Com.
PC
1997
NG
1997
PC
1998
PC
1998
PC
1998
PC
1998
Lignite
1999
Lignite
2000
PC
2000
PC
2001
NG
2001
Lignite
2002
PC
2002

Eff.
%
49
47

42.3
41.7

49.7
>43

Boiler/Steam
Line Materials
Super304H/P91
TP347FG/P91
Super304H/P91
TP347FG/P91
TP347FG/P91
Super304H/HR3C/P91
1.4910/P91
1.4910/P91
Super304H/HR3C/P122
Super304H/P122/P92
TP347FG/P92
TP347FG/E911
Super304H/P122

HR3C:25Cr20Ni

E911: 9CrMoWVNb

COST 501 E: 12CrMoWVNbN1011
TMK2: 10Cr0.3Mo2W0.2VNbN

Turbine
Materials
TMK1
COST 501 F
HR1100
COST 501 F
Toshiba 12Cr
TMK2/TMK1
COST 501 E
COST 501 E
Toshiba 12 Cr
TMK2/TMK1
COST 501E
COST 501E
COST 501E

1.4910: 18Cr12Ni2 1/2Mo
P122: 11Cr1/2Mo2WCuVNb

HR1100: 111Cr1.2Mo0.4WVNbN
Toshiba: 11Cr1Mo1WVNbN

PFBC
PFBC has all the advantages of atmospheric fluidized bed combustion (AFBC), including sulfur
capture in the bed, low-NOx emissions, and the capability to use low-quality fuels, plus the
enhanced efficiency of combined-cycle operation. While the low temperature of the fluidized
bed is advantageous for avoiding “thermal NO” formation, it has the disadvantage of nitrous
oxide (N2O) emission and an inability to take advantage of the higher inlet temperature range of
modern gas turbines.
PFBCwTC responds to the need for a higher gas turbine inlet temperature. In this cycle
(Figure 3-2), a coal-water slurry is injected into a pressurized carbonizer where it undergoes mild
gasification to produce a low heating value syngas and char. The char is burned in a PFBC boiler
with high excess air, and the 1600 °F combustion products are cleaned of particulate and alkalis,
and then enter the gas turbine. Sulfur is captured in the PFBC boiler and in the fluidized bed
carbonizer by adding dolomite. The syngas is injected into the topping combustor, where it is
burned to raise the temperature of the PFBC exhaust gas at the inlet to the gas turbine to 2280 °F.
This temperature rise increases the cycle efficiency to about 47% (LHV). N2O emissions are
eliminated because the N2O decomposes at the elevated temperature in the topping
combustor.[10]
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Figure 3-2. Pressurized Fluidized Bed with Topping Combustor.
Further improvements in efficiency can be obtained by the application of advanced gas turbine
technology and, on the steam side, by SC steam parameters with high-temperature double reheat.
Commercial realization has been hampered by slow progress on hot gas filter development,
expense of turbines for this application, and complex plant integration. The future of PFBC is
uncertain.
IGCC
IGCC involves the total gasification of coal with oxygen and steam to produce a high heating
value syngas. The syngas is cleaned of particulate, alkalis, ammonia, and sulfur compounds and
the syngas is burned in a gas turbine with low-NOx combustors. IGCC also produces steam for a
steam power cycle. Main features of IGCC are shown in Figure 3-3.

29

Figure 3-3. Integrated Gasification Combined Cycle (IGCC).
IGCC is the cleanest advanced coal technology, and has been successfully demonstrated at full
commercial scale over the past 7-8 years, although long-term reliability and availability concerns
remain. The future of IGCC depends on further reductions in capital and operating costs and
increases in overall efficiency. The capital cost is presently high, mainly for the oxygen-blown
gasifier, which requires an air separation plant for producing oxygen. There is a need for more
complete integration of the various subsystems, such as the gasifier air separation plant, syngas
coolers and cleanup, gas turbine, and steam plant.
Existing IGCC demonstration plants in the U.S. have efficiencies just below 40% (LHV). Two
European IGCC demonstration plants (Buggenum in the Netherlands and the Puertollano plant in
Spain, both of which began operation in 1993) have higher design efficiencies of 43% and 45%
(LHV), respectively. The higher cycle efficiencies are mainly due to improved gas turbine and
steam plant efficiencies and better sub-system integration. Current work being done by the gas
turbine manufacturers on IGCC is aimed at utilizing ultra-high efficiency H-Class gas turbines
designed and developed in a DOE-funded program. The goal is to achieve an efficiency greater
than 45% (LHV) and to reduce the cost. A recent estimate indicates that a 500 MW IGCC plant
would cost approximately $1,300/kW in 2002 dollars. [12] At that price, IGCC plants are not
economically competitive with other advanced coal-based systems. Further considerations may,
in the future, tilt the balance in favor of IGCC applications, including the facts that:
•
•

IGCC lends itself to the efficient capture and removal of CO2 from the high pressure
syngas; and
Mercury emissions can be controlled at relatively low cost.
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DOE’s Vision 21 Cycle
One of the most promising advanced coal-based cycles with “zero emissions” is DOE's Vision
21 Cycle[13] (one example is presented in Figure 3-4). In this cycle, syngas produced in an
oxygen-blown gasifier is cleaned to remove contaminants harmful to the gas turbine. CO2 is also
captured. The clean syngas is composed mainly of H2 and CO. The H2, along with compressed
air, is used to generate electricity in a solid oxide fuel cell, and the CO is burned in a combustion
turbine that drives the air compressor. The efficiency could reach 60% (LHV) in this “zero
emission” scheme. Several advanced concepts, including Integrated Gasification Fuel Cell,
might meet these ambitious goals. In this concept, high-pressure compressor exhaust is
introduced into the fuel cell. The fuel cell exhaust is used in a gas turbine to produce additional
power without the addition of fuel in the gas turbine. The gas turbine exhaust can then be used in
the steam turbine to produce additional power. DOE estimates that 63% efficiency (LHV) is
achievable by 2010[13], when it should be ready for demonstration. The combination of high
efficiency and CO2 capture will result in significant reductions in CO2 compared to existing coalfired technologies.

Figure 3-4. Gasification/Fuel Cell/Gas Turbine/Steam Turbine Cycle (DOE Vision 21). [11]
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Comparison of CCTs
Advanced power generation schemes vary in efficiency, capability for CO2 capture, commercial
availability, and cost. Potential efficiencies of PC, PFBC, and IGCC as a function of gas turbine
inlet temperature are illustrated in Figure 3-5. [14][15]). As the gas turbine inlet temperature
rises, so does the combined cycle efficiency.

Figure 3-5. Effect of gas turbine inlet temperature on combined cycle efficiency.
Options for coal-based generation, efficiency, and CO2 emissions are presented in Figure 3-6.
The diagram shows the significant effect of the cycle efficiency upon CO2 emissions. SOx, NOx,
and PM are also proportionately reduced with increasing efficiency as illustrated by a
comparison of emissions and by-products of different 600 MW plants in Figure 3-7.[16] The
excellent environmental performance of IGCC is also illustrated.
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Figure 3-6. Efficiency of and CO2 Emissions from Advanced Power Plants.
(Stamatelopoulos et al. 2002) [16]
(1000g/kWh=2.205 lb/kWh and 8000 kJ/kWh=7584 Btu/kWh)

Figure 3-7. Comparison of emissions and byproducts for different 600 MW power plants.
(after Haupt et al. 1998) [17]
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The costs of the PFBCwTC and of IGCC relative to that of PC-SC units have been assessed by a
team at Electricité de France)[18]. Table 3-3 shows that, at the time of their calculations, the
cost of electricity (COE) produced by an IGCC plant or a PFBCwTC plant was estimated to be
16% and 7% higher, respectively, than that produced by PC-SC. The higher cost of IGCC,
however, might be weighed against its superior environmental performance and its potential for
CO2 capture. In the meantime, PC-SC remains the cost-effective advanced coal-based power
technology option.
Table 3-3. Advanced Power Generating Plant Costs as % of PC-SC costs.
(after Delot et al. EDF 1996) [18]
Technology
Space requirement ( acres)
Net Efficiency (% LHV)
Capital cost (%)
O&M costs (%)
Relative COE (%)

PC/SC
2.2
45
100
100
100

PFBCwTC
1-1.7
47
106
145
107

IGCC
7
44.5
118
155
116

Two recent EPRI Reports [19, 20] provide further support for IGCC with CO2 removal. It is
estimated [19] that, given a coal price of $1.24/MBtu, the breakeven point with natural gas
combined cycle (NGCC) for the lowest COE occurs at a natural gas price of $4.00/MBtu. Above
that gas price, IGCC with CO2 removal will have lower COE than NGCC with CO2 removal, and
will produce electricity for 20% lower cost than PC-SC plants with CO2 removal.
3.1.3

Technologies for Existing Plants

Increasing the Efficiency of Existing Power Generation Equipment
In order for coal to continue its role in supplying more than one-half of all electricity generated
in the U.S., it will be necessary to develop advanced coal-based technologies which will be able
to generate electricity at significantly higher efficiency than existing plants. A wide range of
technologies, including boiler and steam turbine enhancements, are available for retrofitting
existing units.
Technologies for retrofit include:
• Improved materials for steam-generation and superheater tubing;
• Steam turbine modernization improvements and upgrades;
• Control system improvements, i.e. neural networks;
• General plant efficiency improvements; and
• Consolidation of multiple, smaller inefficient units to larger, more efficient units.
Recent examples of the success of such retrofits include turbine upgrades (more aerodynamic
steam paths) that were made on two 400-MW rated units to obtain an additional 25 MW per unit
(a 6% increase in efficiency). No additional steam was required from the boiler. Another utility
plans to replace existing turbine blades with a new, more durable blading configuration to
increase the efficiency of two turbines by 4.5% each. Neural networks, which interface with
existing control systems and provide real-time combustion optimization, have been shown to
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increase efficiency by up to 0.5%, still a notable increase. Overall, 5% efficiency increases could
be readily accomplished across the fleet of existing units, at low cost.
Repowering With More Efficient Technologies
DOE’s CCT Technology Program has demonstrated advanced coal-based technologies which
can be used to repower existing units to become significantly more efficient. A prime example of
this is repowering with IGCC. Repowering an existing coal-fired plant with IGCC will typically
provide considerable opportunities for reducing costs by optimizing the reuse of existing steam
cycle equipment, cooling tower and other infrastructure (i.e., buildings, coal handling systems,
plant water systems, existing substation and transmission system components). Repowering (or
brownfield application) with IGCC results in a significant increase in efficiency. Since less fuel
is used for the same amount of generation, emissions per MWh are reduced proportionally. This
includes SO2, NOx, and CO2.
Two of the IGCC projects constructed as part of the CCT Technology Program have efficiencies
of approximately 38% (HHV). With lessons learned from these facilities, as well as continued
enhancements to the gasification and combined cycle portions of this technology, present IGCC
technology can provide an efficiency of approximately 41% (HHV) when retrofitted to existing
plants. For existing units, an improvement of 6 percentage points, from 35% to 41%, is actually a
17% increase, with emissions of CO2 being reduced proportionally. One very good example of
the size of potential CO2 emission reductions is Global Energy’s Wabash River Plant in Indiana,
where an existing coal-fired power plant was repowered with IGCC. Repowering the plant
resulted in a reduction in emissions of CO2 from 0.64 lbs/MWh to 0.55 lbs/MWh, a 14%
decrease.
Potential Reductions in CO2 Emissions from Existing Plants
Given the size of efficiency increases that are currently available from either retrofitting
individual technologies or repowering existing plants, significant reductions in CO2 can be
realized on the existing fleet of coal-fired capacity. The National Coal Council’s 2001 report
noted that 75% of existing plants could easily retrofit one or more technologies to enhance boiler
and/or steam turbine efficiency. The report also noted that 25% of the existing units could be
repowered with a CCT. Assuming a 5% increase in efficiency on 75% of existing plants (from
efficiency enhancements), and a 17% increase on the other 25% (from repowering with existing
IGCC technology), an overall 8% increase in efficiency of today’s coal-fired generating plants
could be accomplished. This would result in a proportional 8% decrease in emissions, including
CO2.
3.2 CO2 Capture Technology
3.2.1 Summary
Processes for removing CO2 from flue gas or syngas can be classified in terms of the subject gas
stream’s pressure and the partial pressure of CO2 within the gas stream. Typically, low-pressure
processes are applied to combustion sources and high pressure to IGCC sources of CO2.
Low total and CO2 partial pressure gas streams are predominantly flue gases from power plants,
refinery off gases, and industrial boiler flue gases. High total and CO2 partial pressure gas
35

streams are less common, with the primary example being syngas from IGCC plants.
Technologies used for capture of CO2 and other gases, used in other industries, may be able to be
applied to coal-based power plants for CO2. Much work remains to be done to determine how to
integrate these technologies into both combustion-based and IGCC plants. Even with sufficient
R&D to make these technologies commercially available, capital and O&M costs will be
significant, as will impacts on power plant efficiency.
3.2.2

Technology for Coal Combustion Applications

Conventional processes for CO2 separation/removal from multi-component gaseous streams at
atmospheric pressure include:
•
chemical absorption;
•
physical absorption;
•
adsorption;
•
gas permeation (i.e., selective membranes); and
•
cryogenic cooling or cryogenic-supported absorption.
Chemical absorption is the most common of these, most frequently using organic chemical
absorbents such as monoethanol amine (MEA), di-ethanol amine (DEA), methyl di-ethanol
amine (DMEA), tert-ethanol amine (TEA), and 2 amino-2-methyl-1-propanol (AMP). Alkaline
compounds such as sodium hydroxide, potassium carbonate, and sodium carbonate are also used.
The CO2 that is absorbed is then removed by either raising the temperature or lowering the
pressure of the amine solution to desorb CO2. The liberated CO2 stream usually contains small
amounts of H2S and other acidic gases, and may require further cleanup before compression and
transportation to an end user or to a sequestration site.
The chief drawbacks of amine-based processes are their limited absorption and the significant
amount of energy necessary to release the captured CO2. Typically, one pound of low-pressure
steam is required to liberate one pound of absorbed CO2. Thus, the absorber and stripper towers
are large and require very large amounts of heat to regenerate the amines. Amine-based systems
also require large pumps to circulate liquid absorbents and heat exchangers to manage the heat
released in the process, as well as large compressors that raise the flue gas pressure to 15-30 psi
to compensate for the pressure drop in the absorber tower.
Physical absorbents, such as methanol, dimethyl ether of polyethylene glycol (Selexol), and
other organic sorbents, dissolve CO2 without chemical reaction. These fluids are most often used
in IGCC plants where CO2 pressure is high, and are candidates for treating flue gases from coal
combustion sources. CO2 liberation and solvent regeneration are accomplished by pressure
swings or temperature swings. High cost is the primary drawback of physical absorbent
technologies for PC units.
Adsorption-based CO2 removal processes are based on the significant intermolecular force
between gases and the surface of certain solid materials, such as activated carbon. The
adsorbents are usually arranged as packed beds of spherical particles. Either pressure or
temperature swings are employed to capture and release CO2 in a cyclic adsorption/desorption
sequence.
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Adsorption processes are used commercially for CO2 removal from industrial steam-based
natural gas reformers. While they are relatively simple, the CO2 loading and selectivity of
available adsorbents is low. Since flue gas is at atmospheric pressure, some compression is
necessary, particularly with pressure swing desorption. Very high CO2 purity is obtained, but
overall costs are high. Activated carbon or carbon molecular sieves would be the likely
adsorbents used for CO2 removal from PC units.
Gas separation membranes operate on the principle that porous structures permit the preferential
permeation of certain gas stream components. The primary design and operational parameters
for membranes are selectivity and permeability. Permeability is the major limiting factor for
membranes used to remove CO2 from flue gas, which means very large surface areas are
necessary and, thus, costs are high. In order to provide an adequate driving force, the flue gas
must be compressed to at least 50 psi. A two-stage separation system may be required to
effectively remove CO2 from flue gas, at about twice the cost of amine-based systems.
Gas absorption membranes consist of microporous solid membranes in contact with an aqueous
absorbent. In a common arrangement, called membrane-assisted absorption, CO2 diffuses
through the membrane and is then absorbed by MEA. The equipment for this process tends to be
more compact than that for conventional membrane systems. Since the captured CO2 is in the
liquid phase, it can be cost-effectively pumped to high pressure for discharge from the plant or
to a sequestration site. Membrane-assisted absorption costs are comparable to that for
conventional MEA absorption. Further R&D might identify a more optimal membrane/absorber
coupling, improving the economics.
Cryogenic separation of flue gas constituents involves compressing and cooling the flue gas in
stages to induce phase changes in CO2 and other gases. Although cryogenic processes can lead
to high levels of CO2 recovery, the processes are very energy intensive. The cost of cryogenic
CO2 removal may not be significantly higher than for amine absorption processes.
3.2.3

Technology for Gasification Applications

Removing concentrated CO2 from IGCC syngas, which is usually at pressures from 300-1,000
psi, allows a broader range of process options than does removal from atmospheric-pressure flue
gas. As a consequence, the costs per ton of CO2 removed from IGCC power plants are lower
than for PC plants (primarily due to the higher concentration in IGCC syngas than in PC plant
flue gas). Cost reductions and performance improvements for “high pressure” CO2 removal
systems are still necessary to approach the goals of DOE’s Vision 21 and the recently announced
FutureGen program.
Because virtually all CO2 control options for IGCC plants involve removal prior to syngas
combustion, effective overall plant CO2 reductions require operation of the gasifier in a "steam
shifted" mode to produce less CO (which would oxidize to CO2 in the gas turbine combustor)
and more H2 and CO2. Although "shifting" leads to reduced power output, higher CO2 partial
pressures substantially improve CO2 separation process performance.
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CO2 removal process candidates for IGCC plants are:
•
selective physical absorption using an organic fluid such as methanol, with desorption by
low-pressure steam;
•
physical adsorption on activated carbon, with CO2 regeneration by pressure swing;
•
selective polyamide or ceramic membranes for CO2 separation;
•
cryogenic distillation; and
•
CO2 hydrate separation.
The most analyzed and practiced high-pressure CO2 separation processes involve physical
absorption with Selexol, Rectisol (low-temperature methanol), propylene carbonate, or other
organic working fluids. CO2 is liberated and the solvent regenerated at relatively low pressures
(15-30 psi). Because the gas stream to be treated does not require compression, and because
extensive heating is not required to regenerate the solvent, physical absorption processes for
gasification power plants are much less energy-intensive than low-pressure processes for PC
plants. However, even this lower rate of parasitic energy demand is still costly.
Adsorption processes for removing CO2 from gasifier synthesis gas are functionally similar to
those for treating flue gas. The adsorption/desorption processes are cyclic, with the most
common desorption approach being pressure swing. The two main concerns being investigated
by researchers are: (a) the selectivity of adsorbents to capture only CO2, and (b) low-surface
adsorbing capacity for CO2, requiring large, costly contact areas.
Gas separation membranes have been widely explored for CO2 capture from high-pressure
synthesis gas as well as from flue gas. Membrane separation of CO2 from light hydrocarbons
has been very successful in the oil and gas industry because of its simplicity of operation,
absence of moving parts, and modular construction. The main disadvantages are the limitations
in CO2 flow through the membrane and the large CO2 pressure drop necessary to effect
separation. A new class of high-temperature, high-pressure "ion transport membranes" is being
developed, which may enhance the performance of membrane processes. Most of the effort
associated with this research is, at present, focused on O2 separation from air, but it may also be
a promising research field for CO2 separation.
Cryogenic separation of gas mixtures involves cooling in stages to induce selected phase
changes in constituents, including CO2. For syngas, however, water vapor in the gas stream
could lead to formation of solid CO2 hydrates and ice, which with solid CO2 can cause major
plugging problems. Because cryogenic processes are inherently energy intensive, their use for
CO2 removal in IGCC plants will constitute a major parasitic load.
CO2 hydrate separation processes are designed to produce CO2 clathrates in high-pressure,
multi-component gaseous streams to selectively remove CO2 and H2S. In the SIMTECHE
process, syngas (generated by a gasifier operating in a shift mode) is cooled to about 35°F and
contacted with a nucleated water stream to form a CO2/H2S hydrate slurry. The remaining gas,
containing primarily H2 (and also N2 if using an air-blown gasifier), is separated from the hydrate
slurry in a gas/liquid separator. The CO2/H2S hydrate slurry can be decomposed in a "flash
reactor." Performance and economic analyses suggest that this process may be substantially less
energy intensive and less costly than established processes for extracting CO2 from shifted
synthesis gas and compressing it for transportation. New organic salt "promoters" have been
identified, which could enable very high CO2 separation rates. These compounds are highly
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soluble in water and could permit CO2 hydrate formation at temperatures as high as 75-85°F and
with low CO2 partial pressures. Operation under these conditions should reduce both parasitic
power losses and cost.
3.3

Non-CO2 GHG Emission Reductions

3.3.1

Methane

Methane is the second most important non-water GHG, with a Global Warming Potential (GWP)
21 times as great as that of CO2 on a mass basis, assuming a 100-year time horizon. Coal mine
methane (CMM) is one of several major sources of anthropogenic methane, accounting for about
10% of anthropogenic methane emissions in the U.S. CMM is responsible for about 1% of the
total GWP of all U.S. anthropogenic GHG emissions.
The total volume of CMM liberated from active mines in the U.S. in 2000 was 187 billion cubic
feet. Underground mining activities alone liberated 134 Bcf of CMM (72% of U.S. total CMM).
A substantial part of the CMM liberated from underground mining is recovered for use rather
than being emitted. Other sources of liberated CMM include surface mines and post-mining
activities (e.g., coal storage, processing, and transportation). Methane from abandoned coal
mines is called abandoned mine methane (AMM), and for current purposes is considered
separately from CMM. During 2000, 11.5 Bcf of AMM was liberated, with a fraction of that
recovered for use. Coal bed methane (CBM) that is produced strictly for sale into natural gas
pipelines (i.e., not in association with coal mining activities) is not addressed in this discussion.
Table 3-4 summarizes the amounts of CMM and AMM liberated, recovered, and emitted in the
U.S. in 2000.
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Table 3-4. Relevant Data of U.S. CMM and AMM for 2000.
Category
Active Mines (CMM)
CMM liberated
CMM emitted
CMM recovered
Underground mine CMM liberated
Underground mine CMM drained
Underground mine CMM drained and recovered
Underground mine CMM drained and emitted
Underground mine ventilation air methane
Underground mine CMM emitted
Abandoned Mines (AMM)
AMM Liberated
AMM Recovered
AMM Emitted
Total Active Plus Abandoned Mines
CMM + AMM liberated
CMM + AMM recovered
CMM + AMM emitted

Quantity, Bcf
187
151
36
134
45
36
9
89
98
11.5
2.5
9
198.5
38.5
160

Note: This table does not consider CBM obtained solely for injection into
natural gas pipelines or CBM not produced in association with coal mining.

Types of CMM
Methane is liberated from underground coal mines either in advance of mining, during mining
activities, or after mining has occurred. The liberated methane exits the mine through drainage
(degasification) systems or mine ventilation systems. In the case of abandoned underground
mines, the liberated methane exits through vents or drainage systems.
When liberated in advance of mining, methane is drained through vertical boreholes drilled into
the coal seam much as in conventional natural gas production. This type of CMM recovery often
occurs years ahead of the mining activity. CMM that is drained in advance of mining is also
considered to be coalbed methane, or CBM. This methane is often of very high quality, and
acceptable for injection into natural gas pipelines. Horizontal boreholes are sometimes used for
degasification in advance of, but near the time of, mining. This process often produces highquality gas that can be recovered. However, its recovery is frequently impractical and much of
this gas is emitted through boreholes to the surface or with the ventilation air.
After coal is extracted in a longwall type of underground mine, the methane can be released into
the mine to mix with the ventilation air or it can be drained through vertical wells. This CMM
can be of pipeline quality; however, it is often contaminated with air and must be processed prior
to being injected into the pipeline.
Ventilation air is another source of methane emissions from underground coal mines. Air is
drawn through underground mines, to provide a breathable atmosphere and to dilute the liberated
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methane to concentrations usually below 1% for safety reasons. The ventilation air mixes with
liberated methane and the mixture is exhausted into the atmosphere.
Recovery of CMM and AMM for Use
The U.S. coal industry has made substantial progress in recovering and using CMM though
drainage systems. Of the 134 Bcf of CMM liberated from underground mines in 2000, 45 Bcf
was liberated through drainage systems. The remainder, 89 Bcf, was emitted as ventilation air.
U.S. industry recovered 36 Bcf (or 80%) of the CMM liberated through drainage systems in
2000. This recovery represents an almost three-fold increase from the 13.8 Bcf recovered in
1990. The unrecovered CMM from drainage systems (9 Bcf per year) is generally low- to
medium-quality gob gas or stranded gas.
During 2000, the methane liberated from underground mines but not recovered included 9 Bcf of
low-quality or stranded drained gas and 89 Bcf of ventilation-air methane (VAM). VAM is the
single largest source of unrecovered CMM. Although VAM is a potential fuel resource,
essentially 100% of it is emitted because its capture and use is difficult due to its low methane
concentration (typically 0.3% to 1.5%). This concentration is too low for use in even the most
lean-burning of available combustion systems that require methane concentrations of 2% or
more. The utilization of VAM currently is limited to a few isolated cases in which it can be used
as combustion air in fossil-fuel-fired power plants located at the ventilation fan.
An estimated 2.5 Bcf (22%) of the 11.5 Bcf of liberated AMM was recovered for use in 2000.
The total CMM plus AMM recovered in 2000 (38.5 Bcf) represents a resource of approximately
0.4 quadrillion Btu of fuel energy, and the avoided emissions are equivalent in GWP to the
emission of approximately 17 MTCO2 (see Table 3-5 for equivalencies). This amount of energy
is much greater than the fuel plus electricity consumption of the entire U.S. coal mining industry,
which was only about 0.1 quadrillion Btu in 1997. In the event that it becomes desirable to
reduce coal-mining GHG emissions, it will be important to maintain and expand the recovery of
CMM and AMM.
Table 3-5. Selected Equivalencies.
1 Bcf of methane

~ 21,085 short tons of methane
~19,128 metric tonnes of methane
~ 1.010 X 1012 Btu (HHV)
~ 442,785 short tons of CO2 GWP equivalent
~ 120,760 short tons of carbon GWP equivalent
~ 401,688 metric tonnes of CO2 GWP equivalent
~ 109,551 metric tonnes of carbon GWP equivalent

Currently, the recovery of CMM is driven by two factors: the resulting improvement in mining
conditions and the value of the gas. Most of the recovered CMM is used as pipeline-quality gas,
but smaller quantities are used at qualities not meeting pipeline specifications and some is used
as combustion air. Technologies under development, including ultra-lean-burn turbines and
methane concentration systems could expand the options available for CMM recovery and use.
Future GHG reduction requirements, in conjunction with advanced recovery technologies, could
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easily result in increased recovery of CMM. Further development and demonstration of
additional recovery and use options for CMM and AMM is recommended.
Table 3-6. 1997 Energy and Fuel Consumption by U.S. Coal Mining Industry.

Fuel or Energy
Electricity purchased, MWh
Distillate fuel, 1000 Bbl
Residual fuel, 1000 Bbl
Gas, bcf
Gasoline, million gal
Coal, 1000 ton (a)
Coal, 1000 ton (b)
Total

Energy
Lignite &
Energy
Bituminous
Bituminous
Total
Fuel energy,
consumption consumption
Underground Anthracite
Coal
Btu/unit(e)
Surface
quads
1E+09 Btu
(d)
(d)
(d)
(gross)
Mines
Mines
Mines
(gross)
Mines
(gross)
4203672
7061319
89914 11354905
3.4121E+06
38745
7420.4
655.9
97.2
8173.5
5.8270E+09
47627
721.8
144.8
35.8
902.4
6.1880E+09
5584
0.7
0.5
D
1.2
1.0350E+12
1242
29.4
4
0.3
33.7
1.2480E+11
4206
31.5
221.4
D
252.9
2.4000E+10
6070
D
D
0
0
2.4000E+10
0
103473
0.1035

Coal energy production in U.S. in 1997, quads(c)

23.211
(f)

Energy used to produce U.S. coal in 1997, quads
Parasitic energy consumption in 1997 for U.S. coal
industry, %

0.1035
0.446

D = not disclosed
(a) produced and used in same plant
(b) purchased
(c) source: U.S. Energy Information Administration, Annual Energy Review 2002.
(d) source: U.S. Economic Census, Mining Sector, EC97N-2121A, B, C, 1999.
(e) assumes electricity is 100% efficient, values for gross Btu/unit of fuels are author's estimate.

Conversion of CMM
Because the combustion of a given mass of methane to CO2 and water reduces its GWP by 87%,
it is possible to greatly reduce the GWP of the unrecovered CMM emissions by combustion (or
more precisely, oxidation) even if the fuel value of the methane is not realized. For example,
CMM of sufficient concentration could be combusted in a flare. This technique is being
demonstrated at a coal mine in Australia. Alternatively, CMM of low concentration, such as
VAM, could be oxidized in thermal or catalytic oxidation systems. Small-scale thermal
oxidation systems have been operated on VAM in both Australia and Great Britain, and there are
plans to demonstrate a small commercial-scale system in a coal mine in Pennsylvania as part of a
public-private initiative by the DOE.
The 98 Bcf of CMM emitted in 2000 represents the equivalent GWP of 43 MTCO2. Recovery
and use (or oxidation) of these methane emissions may be an attractive means of reducing GHG
emissions at relatively low cost. Further development and demonstration of CMM destruction
and utilization options is recommended.
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Projected Costs for Further Abatement of CMM Emissions
The EPA performed a marginal abatement cost analysis for CMM and AMM. That study
projects that in the year 2005 and in the absence of carbon credits, it will be possible to
economically capture and use 33% of the CMM plus AMM liberated from U.S. coal mines (66.6
Bcf out of 203.5 Bcf liberated in that year). This compares with the 19% actually captured and
used in the year 2000. The percentages of the total liberated CMM plus AMM that could be
reduced at various levels of carbon credits are shown in Table 3-7. For example, at carbon credit
values of $9.09/ton and $18.20/ton ($2.48/ton and $4.96/ton of CO2), EPA projects that it will be
possible to economically increase the amount captured and used to 39% and 48%, respectively.
Table 3-7. Marginal Abatement Costs for CMM and AMM, Projected for the Year 2005
Credit Value
$/ton carbon
0
9.09
18.20
27.27
45.45
90.90
181.81

$/ton CO2
0
2.48
4.96
7.44
12.40
24.80
49.59

% reduction
33
39
48
55
60
64
65

In the table, “% reduction” refers to the percentage of the total CMM plus AMM liberated (projected to
be 203.5 Bcf in 2005) that could be captured and used at the corresponding credit value. Values have
been converted to standard tons of C and CO2.

Source: U.S. Environmental Protection Agency, “Addendum to the U.S. Methane Emissions
1990-2020: 2001 Update for Inventories, Projections, and Opportunities for Reductions”,
downloaded from www.epa.gov/ghginfo/pdfs/final_addendum2.pdf, last modified February 20,
2002.

3.3.2

N2O Emissions

Background
N2O is a highly effective GHG, with a GWP 296 times that of CO2. Because of its long lifetime
(about 120 years) it can reach the upper atmosphere, depleting the concentration of stratospheric
ozone, an important filter of UV radiation. Estimates of N2O emissions from coal combustion
globally are 0.2 Mt/year, approximately 2% of total known sources.
The origin of the small amount of N2O emitted from coal combustion is the fuel nitrogen,
released both during devolatilization and char combustion.[1,2] Maximum N2O formation occurs
at about 1350°F. As the temperature rises, N2O is increasingly reduced to NO. As a result, only
a negligible amount of N2O (0.5-2.0 ppm in the flue gas) is emitted from high temperature
(>2300°F) PC combustion.
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N2O Emissions From FBC
In optimum FBC operation, there is a conflict between the lower temperature favoring sulfur
capture and the higher temperature required to reduce N2O emissions. Typical N2O emissions in
the range of 40-70 ppm (at 3% O2) result from operation at 1472-1562°F, the optimum
temperature range for sulfur capture. At higher temperatures, CaSO4, the product of sulfur
capture, gradually decomposes and SO2 is released.
An inventory of N2O emissions from FBC is shown in Table 3-8.[4] It is noted that 60 ppm N2O
emission is equivalent to 1.8% CO2, an increase of about 15% in CO2 emission for an FBC
boiler.
Table 3-8.
Unit Size, MWe
Hard Coal
160
110
70
50
40
24
21
21
16
14
13
11
6.7
0.7

N2O Emissions from FBC (from IEA Coal Research [4])
N2O Emissions, ppmv
Mean
Range
20-60
40
40-100
70
20-100
60
40-100
70
40-60
50
45-60
52.5
50.5
69
53-83
68
77.5
20-70
45
28
70
25-150
88

O2, %
3-4
3-4
6
6
3-4
1.5-2
6
3
6
6
6
6
6
6

Reference
Brown and Muzio, 1991
Brown and Muzio, 1991
Bonn and others, 1993
Kimura, 1992
Boemer and others, 1993
Boemer and others, 1993
Vitovec and Hackl, 1992
EER, 1991
Sage, 1992
Vitovec and Hackl, 1992
Sage, 1992
Sage, 1992
Svensson and others, 1993
Hulgaard and Johansen, 1992

More research is needed to understand how fuel type, boiler operating conditions, postcombustion flue gas treatment, and pressure affect N2O emissions. Qualitative effects of FBC
operating parameters upon N2O emissions are illustrated in Table 3-9.
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Table 3-9. Effect of FBC operating parameters on N2O emissions. (after Takeshita et al.[4])
Parameter increases
Temperature
Excess air
Air staging
Boiler load

N2O emissions

↓↓

Limestone feed

↑
↓
↓
−

Coal rank

↑

Fuel N content

↑
↑
↑↑
−

SNCR-NH3
SNCR-Urea
SCR
↑↑ emission strongly increases
↑ emission increases
↓↓ emission strongly decreases
↓ emission decreases
− no effect observed

Possibilities for N2O Control
Several techniques have been proposed to control N2O emissions from FBC boilers. There have
been several proposals that involve adjusting the combustion process to lower the N2O
emissions.[11,12] Since temperature is the strongest factor for N2O reduction, many of these
involve various staging techniques to achieve a higher temperature at the top or downstream of
the combustion zone. This may be achieved by staging the air or by introducing additional fuel.
For example, the temperature of the particle-free gas at the exit from the process cyclone can be
raised by after-burning, but this may require about 10% natural gas to produce an effect of about
50% reduction.[5] Similar reductions achieved by afterburning with 10% ethane or propane
injection were reported from laboratory studies.[13,14] Proprietary strategies to increase FBC
combustion temperatures above the stability temperature of calcium sulfate have also been
developed, and it has been proposed that various catalysts, structural or powdered, may be used
in or following the combustion zone to reduce the N2O emissions.[15] Further R&D is needed to
find economically attractive solutions.
PFBC emits N2O at somewhat lower levels, but N2O can be strongly reduced at the elevated
temperature in the topping combustor of the PFBCwTC cycle.[6]
Published N2O Emission Factors
Published emission factors represent an average emission rate from a typical emission source
and, therefore, on average are applicable to other similar emission sources. However, emission
rates may vary with equipment size, efficiency, and vintage, as well as maintenance and
operational practices. Applicability of an emission factor to a specific emission source requires
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an understanding of the conditions associated with developing the emission factor or a
measurement of potential bias -- information that may not be readily available.
Ideally, data quality is assessed through statistical analysis of accuracy and precision. EPA’s
AP-42 provides quality ratings for each of their emission factors. These are shown in Table 3-10
for the N2O emission sources. A rating of “A” represents excellent quality data, meaning the
factor is based on a large data set with a random pool of facilities in the population. Rating “B”
represents above average quality, and “C” is average. A rating of “D” represents a factor with
below-average quality, mainly resulting from limited data points or not having a random sample
of the industry. A rating of “E” represents a poor quality factor, with a high degree of variability
within the source category population.
Table 3-10. Comparison of Coal N2O Emission Factors.
IPCC
Table 1-15,
Volume 3
Combustion
Technology
PC Bituminous

Equipment
Configuration
Dry Bottom,
wall fired
Dry Bottom,
tangentially fired
Wet Bottom
With and without
re-injection

Bituminous
Spreader
Stokers
Bituminous
Circulating Bed
FBC
Bubbling Bed
Bituminous Cyclone Furnace
Lignite AFBC

g N2O/GJ
(LHV)
1.6

IPCC
Table 1-15,
Volume 3
Converted
to
g N2O/ GJ
(HHV)
1.5

AP-42
Converted
to
g N2O/ GJ
(HHV)
0.5

0.5

0.5

1.3

1.6

1.5

1.3

1.6

1.5

0.7

96
96
1.6
42

91.2
91.2
1.5
39.9

57.9
57.9
1.5
41.4

AP-42
Reference Table,
Year, and Quality
Rating

%
Difference
(AP-42 vs.
IPCC)
206.2%
64.1%

Table 1.1-19, 9/98, E

14.8%
129.7%

Table 1.1-19, 9/98, B
Table 1.1-19, 9/98, E
Table 1.7-4, 9/98, E

57.5%
57.5%
2.1%
-3.6%

Early studies (prior to 1988) reported substantial levels of N2O emissions from PC units, with
levels proportional to NOx emissions. However, it was later determined that the high levels of
N2O measured were an artifact of the sampling procedure. Since 1988, measurement programs
have utilized corrected sampling techniques and have measured much lower N2O emission rates.
The data cited in Table 3-8 for FBC are free from the sampling artifact, and current AP-42
emission factors in Table 3-10 also reflect these more recent results. N2O emission values in
Table 3-10 for PC and cyclone furnaces are small, their rating is poor (E), and the number of
measurements is limited. In contrast, measurement data for FBC are of much higher value, and
their ratings are also higher (B). When converted from to ppm (at 3% O2), data for FBC give
good agreement with those in Table 3-8.
The API GHG Emissions Workgroup, which developed the API Compendium, has begun a
study of N2O emission factors for stationary combustion sources. This study will compile
additional N2O emission measurements from an earlier API program, review literature for more
recent studies, and gather data from participating petroleum companies.
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The information will be evaluated to assess the quality and applicability of the emissions factors
and to determine the relative contribution of N2O emissions for different facility types. An
assessment of emission factor quality or access to information from which to analyze emission
factor quality is generally not available from published sources. It would benefit industry if
DOE, in cooperation with EPA, were to improve AP-42 by increasing the number of N2O
emissions measurements for the different coal types and combustion technology combinations.
3.4

Carbon Sequestration

After carbon is removed from a flue or fuel gas stream, it must be “sequestered” or stored to
avoid its emission into the atmosphere. While carbon capture technology is in commercial use in
a number of industries, carbon sequestration technology is, except for a few relatively smallscale examples, unproven. The DOE Carbon Sequestration Program is developing a suite of
technologies that have the potential to reduce GHG emissions from power generation. These
systems could make a substantial contribution to efforts to meet GHG intensity goals. The
availability of these systems as commercially proven technologies would be an important
component of the decision-making process for any future actions taken to reduce GHG
emissions.
Goals of the Carbon Sequestration Program
The NETL has summarized its vision and goals as follows (values converted to $/ton CO2 and
standard tons):
Vision: Possess the scientific understanding of carbon sequestration options and provide costeffective, environmentally sound technology options that ultimately lead to a reduction in GHG
intensity and stabilization of overall atmospheric concentrations of CO2.
Overarching Goals:
• By 2006, develop instrumentation and measurement protocols for direct sequestration in
geologic formations and for indirect sequestration in forests and soils that enable the
implementation of wide-scale carbon accounting and trading schemes.
• By 2008, begin demonstration of large-scale carbon storage options (>1 MTCO2/year) for
value-added (enhanced oil recovery, enhanced CBM recovery, enhanced gas recovery) and
non-value-added (depleted oil/gas reservoirs and saline aquifers) applications.
• By 2008, develop (to the point of commercial deployment) systems for advanced indirect
sequestration of GHGs that protect human and ecosystem health and cost no more than $2.48
per ton of CO2 sequestered, net of any value-added benefits.
• By 2010, develop instrumentation and protocols to accurately measure, monitor, and verify
both carbon storage and the protection of human and ecosystem health for carbon
sequestration in terrestrial ecosystems and geologic reservoirs. Such protocols should
represent no more than 10% of the total sequestration system cost.
• By 2012, develop (to the point of commercial deployment) systems for direct capture and
sequestration of GHG emissions from fossil fuel conversion processes that protect human
and ecosystem health and result in less than a 10% increase in the cost of energy services, net
of any value-added benefits.
• By 2015, develop (to the point of commercial deployment) systems for direct capture and
sequestration of GHG emissions and criteria pollutant emissions from fossil fuel conversion
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•
•

processes that result in near-zero emissions and approach a no net cost increase for energy
services, net of any value-added benefits.
Enable sequestration deployments to contribute to the President’s GCCI goal of an 18%
reduction in the GHG intensity of the U.S. economy by 2012.
Provide a portfolio of commercial-ready sequestration systems and one to three breakthrough
technologies that have progressed to the pilot test stage for the 2012 assessment under the
GCCI.

Sequestration Technology
Several concepts for storage have been evaluated; however, technological and economic
feasibility (and public acceptance) of carbon sequestration options vary depending on the
locations of disposal sites and types of disposal/storage/sequestration technologies used. The
capacity, effectiveness, and health and environmental impacts of various types of CO2 disposal
systems and the impacts of inadvertent releases are key areas of scientific uncertainty. Leading
approaches to CO2 storage presently include:
•
•
•
•
•
•
•

Injection into deep saline aquifers or coal seams;
Stimulation of oil and gas production;
Disposal in depleted oil and gas reservoirs;
Terrestrial sequestration (e.g., forestation, improved land-use practices);
Growth of plants or algae for use as bio-fuels;
Ocean sequestration; and
Use as a feedstock for the manufacture of chemical products.

Potential Capacity of Sequestration Sinks
One of the most frequently asked questions related to carbon sequestration is that of storage
capacity. While the conventional wisdom is that this capacity is quite large (i.e., 1000s of GtC4
worldwide), the actual capacity is quite uncertain. This is because one first must estimate the
total amount of void space available underground (or under water). Next, an estimate of what
fraction of void space would be appropriate for CO2 storage is required. For the first estimate
(total void space), data are sparse. While many wells have been drilled, they have only revealed
data on a small fraction of the underground. The second estimate (usable fraction) relies both on
data about underground reservoirs (which data are sparse), as well as an understanding of how
CO2 would behave in these reservoirs. Despite these difficulties, estimates have been made, but
there is no consensus on the numbers. It does seem safe to assume that the geologic storage
capacity in the U.S. is over 100 GtC and could potentially be over 1,000 GtC. Several of the
published estimates for the U.S. and the world are given below.

4

1 GtC = one billion (109) metric tons carbon. Note that 1 GtC = 3.67 GtCO2. Also, current world anthropogenic
carbon emissions are less than 7 GtC.
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Table 3-11. The Worldwide Capacity of Potential CO2 Storage Reservoirs.
Ocean and land-based sites together contain an enormous capacity for storage of CO2a.
The world’s oceans have by far the largest capacity for carbon storage.
Sequestration option

Worldwide capacityb

Ocean

1,000 – 10,000+ GtC

Deep saline formations

100–10,000 GtC

Depleted oil and gas reservoirs

100 – 1,000 GtC

Coal seams

10–1,000 GtC

Terrestrial

10 - 100 GtC

Utilization

currently <0.1 GtC/yr

a

Worldwide total anthropogenic carbon emissions are ~7 GtC per year (1 GtC = 1 billion metric tons of carbon equivalent).
b
Orders of magnitude estimates.

Source: Herzog, H.J. and D. Golomb, "Carbon Capture and Storage from
Fossil Fuel Use," contribution to Encyclopedia of Energy, to be published (2004).

Table 3-12. Worldwide Potential for CO2 Sequestration.
Human activity
Forest & Soils
Geologic
Oceans
Deep saline aquifers

6 GtC/yr
> 100 GtC
300-3200 GtC
1400-20,000,000 GtC
10,000 – 200,000 GtC

Source: U.S. DOE Fossil Energy website (http://www.fe.doe.gov/coal_power/sequestration/);
Bruant et.al., “Safe Storage of CO2 in Deep Saline Aquifers,” ES&T, pp. 241A-245A, June 1, 2002;
IPCC Workshop on Carbon Capture and Storage, Regina, Canada, 18-21 Nov 2002.
See http://www.climatepolicy.info/ipcc/ipcc-ccs-2002/index.html.

Table 3-13. U.S. Potential for CO2 Sequestration.
Deep saline aquifers
1-130 GtC
Natural gas reservoirs
25 GtC
Active gas
0.3 GtC/yr
Enhanced coalbed methane
10 GtC
Source: U.S. DOE, "Carbon Sequestration Research and Development,"
Rpt # DOE/SC/FE-1 (1999). page 5-5
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Table 3-14.

U.S. potential for sequestration.

Depleted gas fields
Depleted oil fields/CO2-EOR
Deep saline aquifers
Unmineable coal seams

690 GtC
120 GtC
400-10,000 GtC
400 GtC

Source: IPCC Workshop on Carbon Capture and Storage, Regina, Canada,
18-21 Nov 2002. See http://www.climatepolicy.info/ipcc/ipcc-ccs-2002/index.html

These studies have shown that there is substantial potential for CO2 storage in natural reservoirs,
such as deep saline aquifers or in the deep ocean. While some have estimated that the
storage/disposal process may be considerably less costly than the CO2 capture process, largescale carbon sequestration has yet to be demonstrated and significant uncertainty remains about
the economic costs and environmental impacts of the site-specific applications described above.
Such issues indicate a need for further research; collaborative programs are being developed to
examine many of these topics.
Certain underground geologic formations exhibit structure, porosity, and other properties that
render them suitable as potential CO2 storage sites. These structures are ones that already have
stored crude oil, natural gas, brine, and CO2 over millions of years.
CO2 injection is practiced at numerous sites worldwide for enhanced oil and natural gas recovery
(EOR and EGR, respectively). However, in the current applications of CO2 injection for EOR
and EGR, processes have not been optimized for underground CO2 disposal, and the long-term
stability of the stored CO2 remains unknown. Furthermore, political and siting issues must be
addressed before any major quantity of CO2 can be stored underground in this manner.
Long-term storage of CO2 in geologic formations has the potential to be feasible in the nearterm. Many power plants and other large point sources of CO2 emissions are located near
geologic formations that may be amenable to CO2 storage. Saline formations do not contain oil
and gas resources and thus do not offer the value-added benefits of enhanced hydrocarbon
production. However, the potential CO2 storage capacity of domestic saline formations is
enormous; estimates are on the order of several hundred years of CO2 emissions.
The primary goal of research in this area is to better understand the behavior of CO2 when it is
stored in geologic formations in order to ensure secure and environmentally acceptable storage
of CO2. The fastest and surest means of obtaining the necessary information is to conduct field
tests in which a relatively small amount of CO2 is injected into a formation, with its fate and
transport under close monitoring. The DOE program includes several such field tests, which
ultimately should provide industry with tools and techniques to measure the movement of CO2 in
underground formations. These tests will provide field protocols that preserve the integrity of
geologic formations.
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Research and Development Requirements for CO2 storage
1. Geologic Sequestration
Unmineable coal seams
• Coal seams that are unmineable for economic or technical reasons (e.g., depth or reserve
characteristics) are potential CO2 storage sinks.
• Existing recovery technologies should be used to evaluate the feasibility of storing CO2
in unmineable coal seams for commercial-scale field demonstrations.
• The knowledge gained to verify and validate gas storage mechanisms in coal seams can
be used to develop a screening model to assess CO2 storage potential.
CBM production
• Carbon dioxide injection may be used to stimulate methane production from coal seams,
improving the economic attractiveness of this sequestration option.
• A broad-based geologic screening model should be developed to quantify the CO2
storage potential in CBM regions and apply the model to identify additional sites with
high CO2 storage potential.
Depleted oil reservoirs
• Research is needed to investigate down-hole injection of CO2 into depleted oil reservoirs
and conduct computer simulations, laboratory tests, field measurements, and monitoring
efforts to understand the geomechanical, geochemical, and hydrogeologic processes
involved in CO2 storage.
• These observations could be used to calibrate, modify, and validate modeling and
simulation needs.
Carbon storage in geologic formations
• Geologic sinks, such as deep saline reservoirs, represent some of the largest potential
sequestration sinks.
• The capacity and availability of these potential sinks needs to be quantified.
• Research is needed to investigate safe and cost-effective methods for geologic
sequestration of CO2.
• Research is needed on the siting, selection, and longevity of optimal sequestration sites to
lowering the cost of geologic storage.
• Monitoring techniques need to be identified and demonstrated which are cost-effective
for tracking the potential for CO2 migration in storage.
2. Terrestrial Approaches
Carbon sequestration in terrestrial ecosystems is either the net removal of CO2 from the
atmosphere or the prevention of CO2 net emissions from the terrestrial ecosystems into the
atmosphere. The terrestrial biosphere is estimated to sequester large amounts of carbon
(approximately 2 billion metric ton of carbon per year). There are two fundamental approaches
to sequestering carbon in terrestrial ecosystems:
(1) Protection of ecosystems that store carbon; and
(2) Management of ecosystems to increase carbon sequestration.
51

Research is under way to evaluate these approaches for the following ecosystems, which offer
significant opportunity for carbon sequestration:
•
•
•
•
•

Forest lands, including below-ground carbon and long-term management and utilization
of standing stocks, understory, ground cover, and litter.
Agricultural lands, including crop lands, grasslands, and rangelands, with emphasis on
increasing long-lived soil carbon.
Biomass croplands related to biofuels.
Deserts and degraded lands in both below-and above-ground systems.
Boreal wetlands and peatlands including management of soil carbon pools and
conversion to forest or grassland.

3. Ocean storage
The oceans are the ultimate natural sink for CO2 and may have potential for long-term CO2
storage, but the environmental impacts of ocean sequestration are not adequately understood and
the acceptability of empirical tests is problematic, given environmental sensitivity to marine
systems. If ocean sequestration is to be accepted by the public, certain key questions must be
answered.
•
•
•
•
•

How well can the performance of storage be predicted?
What will be the environmental impacts?
Can such systems be successfully engineered?
How can legal and jurisdictional obstacles be overcome?
What will be the public acceptance of this idea?

4. Utilization of CO2
Captured CO2 could also be used for commercial purposes, such as a feedstock from which to
derive chemicals. If economically feasible, such applications would offer the co-benefits of
sequestering this GHG and replacing the use of other, manufactured feedstocks. CO2 already is
used for a wide range of applications in the food and petroleum industries, although in most
cases the gas is not permanently stored in final products but is released to the atmosphere at a
later date. The income generated from the sale of CO2 would help to offset the cost of capturing
and cleaning the gas. Significant costs would be incurred in producing chemical products and
such processes generally require the input of energy, resulting in the emission of additional CO2
if this energy is generated from fossil fuels.
The utilization of CO2 to make chemicals is only effective as a mitigation option if, overall, less
CO2 enters the atmosphere than would otherwise have been the case. Also, the direct use of CO2
to grow algae in order to make bio-fuels might be feasible, but only under certain conditions and
in specific locations. A similar conclusion has been reached about the growth of crops to
produce liquid fuels, which currently remains only an option for discussion.
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Status of Carbon Capture and Sequestration Research
Funding provided by the DOE and the private sector for carbon capture sequestration research
has increased considerably since the first National Coal Council report on this subject in May
2000. In FY 2002, the DOE carbon sequestration budget was around $8 million. By FY 2003,
this had been increased to $42 million. As of October, 2002, the DOE/FE portfolio included 104
projects, with a total value of $162 million, with about 40% directed to carbon capture, and 60%
to sequestration. Of this total, DOE funds $96 million. Significantly and importantly, the nonfederal cost share ($66 million) represents 40% of the total, demonstrating a willingness on the
part of private industry to invest in research partnerships to develop capture and sequestration
technology, despite the uncertain need for and timing of its eventual application. Four of these
research partnerships are described below.
Dakota Gasification Project (Weyburn).
The Weyburn Carbon Dioxide Sequestration Project is a $27-million research project intended to
expand the knowledge of the capacity, transport, fate, and storage integrity of CO2 injected into
geological formations located in southeastern Saskatchewan, near the U.S. border with North
Dakota. DOE will support this project by funding $4 million over a three-year period. The
knowledge obtained from this project will enable DOE to inform public policy makers, energy
industries, and the general public by providing reliable information and analysis of the geological
sequestration of CO2.
Sequestration of Carbon Dioxide in an Unmineable Appalachian Coal Seam.
Unmineable coal seams offer large, permanent storage potential for geologic sequestration of
CO2. These coal seams also represent an opportunity to sequester CO2 while enhancing the
production of coalbed methane as a value added product. CONSOL Energy is performing a
seven-year R&D project to evaluate the effectiveness and economics of carbon sequestration in
an unmineable coal seam in tandem with enhanced coalbed methane production. This project is
a Cooperative Agreement at a total cost of $9.2 million with a 24% industry cost share.
Research and Commercial-Scale Field Demonstration for CO2 Sequestration and Coalbed
Methane Production.
In 2001, DOE awarded a $5.9 million, 70% cost-shared cooperative agreement with Advanced
Resources International, BP Amoco, and Shell Oil for demonstrating existing and evolving
recovery technology to evaluate the viability of storing CO2 in deep, unmineable coal seams in
the San Juan Basin in northwest New Mexico and southwestern Colorado. The knowledge
gained with this demonstration effort will be used to verify and validate gas storage mechanisms
in deep coal reservoirs, and to develop a screening model to assess CO2 sequestration potential in
coalbeds in the U.S.
The DOE has established a website listing all DOE-supported capture and sequestration projects
(as of October 2002) and providing links to similar sites containing information on carbon
sequestration research throughout the federal government and internationally. Current DOE
projects are listed in Table 1 in Appendix A of this document. These project span a wide range
of topics relevant to carbon capture and sequestration, including:
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Separation and Capture
• Pre-combustion decarbonization
• Oxygen-fired combustion
• Post-combustion capture
• Advanced integrated capture systems
• Crosscutting science
Geologic Sequestration
• Monitoring, verification and remediation
• Health, safety and environmental risk assessment
• Knowledge base and technology for storage reservoirs
Terrestrial Sequestration
• Productivity enhancement
• Ecosystem dynamics
• Monitoring and verification
Ocean Sequestration
• Ecosystem dynamics
• Measurement and prediction
• Direct injection
• Ocean fertilization
Novel Sequestration Systems
• Biogeochemical processes
• Mineral conversion
• Novel integrated systems
3.5. GHG Management and the "Hydrogen Economy"
Hydrogen is called by many “the fuel of the future.” However, it is important to realize that
hydrogen is not a primary energy source like coal, oil, natural gas, wind, solar, biomass, hydro,
nuclear, etc. Instead, like electricity, it is an energy carrier. As a result, hydrogen must be
produced from the same array of primary energy sources that we use to produce electricity.
Therefore, hydrogen is not in direct competition with coal as a fuel, but presents an opportunity
to develop a new market for coal as a major feedstock for hydrogen production.
Figure 3-8 shows costs for the production of hydrogen from four possible sources: gas, coal,
biomass, and water (via electrolysis).5 This case assumes a central plant design of 165 ton/day of
hydrogen with compression of the product to 1,100 psi, suitable for pipeline transportation.
Costs of transmission and distribution are not included in this figure. Hydrogen is produced
from natural gas by steam reforming, from coal and biomass by gasification, and from water by
5

Data from Simbeck and Chang, Hydrogen Supply: Cost Estimate for Hydrogen Pathways – Scoping Analysis,
NREL/SR-540-32525 (July 2002).
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electrolysis (electricity is from the grid). Gas prices used were $3.50 per MBtu and coal prices
were $1.10 per MBtu.
Figure 3-8. Hydrogen Production Costs
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At relatively low natural gas prices, the lowest-cost hydrogen is produced from a natural gas
feedstock, as is the case today in much of the commercial marketplace. However, the break-even
price is very sensitive to natural gas cost. Other studies indicate an even lower break-even price
for hydrogen from coal (at a gas price of $3.15-$4.00/MMBtu for gas, compared to
$1.00/MMBtu for coal). At the time of this report, the forward curve for gas did not go below
$4.00/MMBtu for any time that is currently traded. Therefore, if gas prices remain high or rise
in the future (or gasification technology becomes less costly), coal is or would become the lowest
cost feedstock. This is one of several similarities that can be drawn between hydrogen
production and electricity production. It should also be noted that producing hydrogen from
electrolysis is very expensive when compared to other options.
The cost and energy penalties for CO2 capture from hydrogen production via gas, coal, or
biomass are relatively small. This is because to produce hydrogen from hydrocarbon feedstocks,
the capability to remove CO2 is an integral part of the process. On the other hand, for CO2-free
hydrogen production from electrolysis, one must use CO2-free sources of electricity. Since these
are significantly more expensive than the current fuel mix, one can expect that hydrogen costs
will grow significantly from those indicated in Figure 3-8. In the case of producing CO2-free
hydrogen, the advantage for using coal or gas will be even greater than the differential shown in
Figure 3-8.
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Just as coal plays a major role in the production of electricity, it has the potential to do the same
for hydrogen. The added costs for CO2 capture and storage will be significantly lower for
hydrogen production than for electricity production. Since gasification is the preferred route of
producing hydrogen from coal, implementing gasification technologies will position coal to take
advantage of this potential new market should a hydrogen economy evolve.
3.6

International R&D Partnerships

3.6.1

Bush Administration Climate Change Policy

President Bush's climate plan announced on February 14, 2002, consists of long-term and shortto medium-term components. One component is a stated goal to “promote new and expanded
international policies to complement the domestic program.” The President’s plan specifically
cites the following examples of international cooperation:
•

Investing $25 Million in Climate Observation Systems in Developing Countries. In
response to the National Academy of Sciences' recommendation for better observation
systems, the President has allocated $25 million and challenged other developed nations
to match the U.S. commitment.

•

Tripling Funding for "Debt-for-Nature" Forest Conservation Programs. Building upon
recent Tropical Forest Conservation Act (TFCA) agreements with Belize, El Salvador,
and Bangladesh, the President's FY '03 budget request of $40 million to fund "debt for
nature" agreements with developing countries nearly triples funding for this successful
program. Under TFCA, developing countries agree to protect their tropical forests from
logging, avoiding emissions and preserving the substantial carbon sequestration ability
therein. The President also announced a new agreement with the Government of Thailand
that will preserve important mangrove forests in Northeastern Thailand in exchange for
debt relief worth $11.4 million.

•

Fully Funding the Global Environmental Facility (GEF). The Administration's FY '03
budget request of $178 million for the GEF is more than $77 million above this year's
funding and includes a substantial $70 million payment for arrears incurred during the
prior administration. The GEF is the primary international institution for transferring
energy and sequestration technologies to the developing world under the UNFCCC.

•

Dedicating Significant Funds to the U.S. Agency for International Development
(USAID). The President's FY '03 budget requests $155 million in funding for USAID
climate change programs. USAID serves as a critical vehicle for transferring American
energy and sequestration technologies to developing countries to promote sustainable
development and minimize their GHG emissions growth.

•

Pursue Joint Research with Japan. The U.S. and Japan continue their High-Level
Consultations on climate change issues. Later this month, a team of U.S. experts will
meet with their Japanese counterparts to discuss specific projects within the various areas
of climate science and technology, and to identify the highest priorities for collaborative
research.
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•

Pursue Joint Research with Italy. Following up on a pledge of President Bush and Prime
Minister Berlusconi to undertake joint research on climate change, the U.S. and Italy
convened a Joint Climate Change Research Meeting in January, 2002. The delegations
for the two countries identified more than 20 joint climate change research activities for
immediate implementation, including global and regional modeling.

•

Pursue Joint Research with Central America. The U.S. and Central American Heads of
Government signed the Central American-United States of America Joint Accord
(CONCAUSA) on December 10, 1994. The original agreement covered cooperation
under action plans in four major areas: conservation of biodiversity, sound use of energy,
environmental legislation, and sustainable economic development. On June 7, 2001, the
U.S. and its Central American partners signed an expanded and renewed CONCAUSA
Declaration, adding disaster relief and climate change as new areas for cooperation. The
new CONCAUSA Declaration calls for intensified cooperative efforts to address climate
change through scientific research, estimating and monitoring GHGs, investing in
forestry conservation, enhancing energy efficiency, and utilizing new environmental
technologies.

3.6.2

Bilateral Partnerships

Since its climate change policy was announced, the Bush Administration has also announced a
number of bilateral partnerships (see Table 3-15) focused on collaborative efforts meant to
address climate-related issues. Examples of opportunities for cooperation that may result in
significant GHG reductions include, but are not limited to, CCT and CO2 capture and storage
technology development, expanded use of cogeneration and renewable sources of energy, as well
as concrete ways of reducing GHG emissions through sustainable agriculture and forestry
management practices.
Recommendation
Current efforts at forming bilateral partnerships are important steps in addressing the policy issue
of global climate change. However, absent in most of the agreements is a particular emphasis on
identifying opportunities to pursue collaborative CCT and CO2 capture and storage technology
development projects. In recognition of its vast U.S. coal reserves, the DOE has been one of the
world’s major funders of carbon sequestration RD&D. It is of vital importance that the U.S. now
engage other nations in funding new CCT RD&D and pursue policies advocating upgrades or
replacement of older coal-fired power stations around the globe with newer, more efficient
technologies.
The DOE, acting as a principal agent of the U.S. within the bilateral partnerships, should perform
the role of information clearinghouse on the partnerships’ various efforts to develop
CCT and CO2 capture and storage technology development projects. Such a role could
be accomplished by enhancing the existing materials on the agency’s website
(http://www.fe.doe.gov/international).

57

TABLE 3-15
Date

County

Partnership Agreement Details

July 19, 2001

Italy

Feb. 27, 2002

Australia

Feb. 28, 2002

Japan

Mar. 7, 2002

Canada

May 6, 2002

India

Pledge joint research in several critical areas, including:
- atmospheric studies related to climate
- low-carbon technologies
- global and regional climate modeling
- carbon cycle research
Focus will be on such issues as:
- emissions measurement and accounting
- climate change science
- stationary energy technology
- engagement with business to create economically efficient climate
change solutions
- agriculture and land management
- collaboration with developing countries to build capacity to deal with
climate change
The Partnership’s priority research areas include:
- improvement of climate models making use of the “Earth Simulator”
and research on earth processes for modeling
- impact and adaptation/mitigation policy assessment employing
emission-climate-impact integrated models
- observations and international data exchange/quality control
- research on greenhouse gas (GHG) sinks including LULUCF (land
use, land-use change and forestry)
- research on polar regions
- development of mitigation and prevention technologies such as
separation, recovery, sequestration and utilization of carbon and
GHGs
- research and development of renewable and alternative energy
technologies, resources, and products, as well as energy efficiency
measures and technologies
Both countries have agreed to pursue increased bilateral cooperation that
will focus on such issues as:
- climate change science and research
- technology development
- carbon sequestration
- emissions measurement and accounting
- capacity building in developing countries
- carbon sinks
- targeted measures to spur the uptake of cleaner technology and
market-based approaches
The two sides announced their intention to enhance ongoing collaborative
projects in:
- clean and renewable sources of energy
- energy efficiency
- energy conservation
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Date
Oct. 24, 2002

Country
New
Zealand

Jan. 16, 2003

China

Jan. 17, 2003

Russia

Partnership Agreement Details
Themes for potential enhanced cooperation might include:
- climate change science and monitoring in the Pacific;
- assistance to developing countries, particularly Pacific Island states
- climate change research in Antarctica
- cooperation in the development of emission unit registries
- GHG accounting in forestry and agriculture
- technology development aimed at carbon reduction technologies
The U.S. and China identified 10 areas for cooperative research and
analysis:
- non-CO2 gases
- economic/environmental modeling
- integrated assessment of potential consequences of climate change
- adaptation strategies
- hydrogen and fuel cell technology
- carbon capture and sequestration
- observation/measurement
- institutional partnerships
- energy/environment project follow-up to the World Summit on
Sustainable Development (WSSD)
- existing clean energy protocols/annexes
- Discuss and exchange information related to climate change policy and
related scientific, technological, socioeconomic, and legal issues of
mutual concern and interest.
- Explore possible common approaches to addressing climate change
issues before the United Nations Framework Convention on Climate
Change, the Intergovernmental Panel on Climate Change, and other
relevant international arenas.
- Identify and encourage needed climate change science and technology
research that is or could be performed individually or jointly by U.S.
and Russian departments, agencies, ministries, and scientific institutions.
- Benefit from and complement other established bilateral activities
between the two countries.
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SECTION 4:
ACHIEVING GREENHOUSE GAS EMISSION
REDUCTIONS – CHALLENGES AND COSTS
4.1 Assessing the Costs of CO2 Capture and Sequestration
Although there is some consensus in the literature on the approximate cost of currently available
CO2 capture and storage (CCS) technologies, published cost estimates still vary widely (by as
much as a factor of two). Cost estimates for many advanced technologies currently under study
or development offer an even broader range of values. In some studies, CO2 abatement costs are
reported not for a specific technology, but on a sector-wide or nationwide basis (e.g., for the
electric power industry, or the U.S. economy as represented by the GDP).
In this section of the report, we discuss some of the factors that underlie these differences and
cloud a simple answer to what many believe is the simple question: How much does it cost to
capture and sequester CO2 emissions from power plants?
4.1.1

Defining the System Boundary

The first requirement of any economic assessment is to clearly define the “system” for which
CO2 emissions and cost are being characterized. The most common assumption in economic
studies of carbon sequestration is a single power plant that captures CO2 and transports it to an
off-site storage area such as a geologic formation. The CO2 emissions not captured are released
from the power plant stack along with other emissions.
Other system boundaries that are used in reporting CO2 abatement costs for a single facility
include the power plant only, without CO2 transport and storage. Alternatively, costs sometimes
include CO2 emissions over the complete fuel cycle that encompasses the mining, cleaning, and
transportation of coal used for power generation, as well as any emissions from by-product use
or disposal. Emissions of other GHGs are included in some analyses.
Still larger systems might include all power plants in a utility company’s system, all plants in a
regional or national grid, or a national economy where power plant emissions are but one
element of the overall energy system being modeled. In each of these cases it is possible to
derive a mitigation cost for CO2 , but the results are not directly comparable because they reflect
different system boundaries and considerations.
4.1.2

Defining the Technology of Interest

Costs will vary with the choice of CCS technology and the choice of the power system that
generates CO2 in the first place. In studies of a single plant or technology, such definitions are
usually clear. But where larger systems are being analyzed (as in regional or national studies),
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some of these choices may be unclear. The context for reported cost results is then unclear as
well.
4.1.3

Defining the Technology Time Frame

Another factor that is often unclear in economic evaluations is the nature or basis of the assumed
time frame for technology costs, particularly for “advanced” technologies that are not yet
commercial. Such cost estimates frequently reflect assumptions about the “nth plant” to be built
sometime in the future when the technology is mature. Such estimates reflect the expected
benefits of technological learning. The choice of time frame and assumed rate of cost
improvements can make a big difference in CCS cost estimates.
4.1.4

Different Measures of Cost

Several different measures of cost are used to characterize CCS systems. Because many of these
have the same units (e.g., $/ton CO2), there is great potential for misuse or misunderstanding.
One of the most widely used measures in studies of individual technologies is the “cost of CO2
avoided.” This is defined as:
Cost of CO2 Avoided =

(COE)capture – (COE)ref
(CO2/kWh)ref – (CO2/kWh)capture

This value reflects the average cost ($/ton CO2) of reducing atmospheric CO2 emissions by one
unit of mass (nominally 1 ton), while still providing one unit of electricity to consumers
(nominally 1 kWh). Thus, the choice of both the capture plant and the reference plant without
CO2 capture and storage plays a key role in determining the CO2 avoidance cost. Usually, the
reference plant is assumed to be a single unit the same type and size as the plant with CO2
capture. If there are significant economies of scale in power plant construction costs, differences
in power plant size also can affect the cost of CO2 avoided.
A measure having the same units as avoided cost can be defined as the difference in net present
value of projects with and without CCS, divided by the difference in their CO2 mass emissions.
Unless the two projects produce the same net power output, the resulting cost per ton is not the
cost of CO2 avoided; rather, we call it the “cost of CO2 abated.” Numerically, this value can be
quite different from the cost of CO2 avoided for the same two facilities.
The marginal or average cost of CO2 abatement for a collection of plants (as in a utility system,
regional grid, or national analysis) also can be expressed in terms of $ per ton of CO2 reduced.
These results depend on a host of assumptions about the technologies and fuels included in the
analysis (including fuel price projections). Results from such studies have a different meaning
than those from studies of a single plant or technology.
Arguably, the impact of CO2 abatement on the COE is most relevant for economic, technical and
policy analyses. For a single plant or technology, the COE can be calculated as:
COE = [(TCR)(FCF) + (FOM)]/[(CF)(8760)(kW)] + VOM + (HR)(FC)
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TCR = total capital requirement ($),
FCF = fixed charge factor(fraction/yr),
FOM = fixed operating costs ($/yr),
VOM = variable operating costs ($/kWh),

FC = fuel cost ($/kJ),
CF = capacity factor (fraction),
8760 = hrs/yr
kW = net plant power (kW).

Thus, many factors affect the COE (and hence, the cost of CO2 avoided as well). Cost studies
can differ widely in their assumptions about these factors. For example, assumptions about the
plant capacity factor have a large impact on the calculated COE.
For a variety of reasons, cost studies often do not report all of the key assumptions that affect the
cost of CO2 control. For example, the total capital requirement includes the cost of purchasing
and installing all plant equipment, plus a number of “indirect” costs that typically are estimated
as percentages of total plant cost.[10] Assumptions about such factors (such as contingency
costs) can have a pronounced effect on cost results. Further, some CO2 cost studies exclude
certain items (like interest during construction and other “owner’s costs”) when reporting total
capital cost and COE. Thus, the use of terms like “total plant cost” doesn’t always mean what it
seems. Unless such assumptions are transparent, results can easily be misunderstood.
Finally, for studies involving multiple plants (often using different fuels and technologies),
aggregate cost results, such as a change in the average COE, reflect a much larger set of
assumptions than cost estimates for a single plant. Macroeconomic studies of a national
economy, in which energy costs are but one element of a complex modeling framework, offer
cost measures such as the change in GDP from the imposition of a carbon constraint. These
reflect myriad assumptions about the structure of the economy and the values of specific model
parameters. Such results are far more difficult to understand fully, in terms of the influence of
particular assumptions on reported results.
4.2

Economics of CO2 Capture and Sequestration

4.2.1

Impacts of GHG Reduction Requirements on Existing Coal-Based Plants

Future GHG emission constraints would affect the price and availability of electricity — two
factors that could have a profound impact on the U.S. economy. Because coal is abundant
domestically and its price is low and stable relative to other fossil fuels, the predominance of
coal-based power plants has helped keep U.S. electricity affordable, reliable, and secure.
If stringent CO2 reduction requirements are imposed, the cost of electricity and the balance in the
fuel mix could change dramatically. CO2 removal technologies would be unprecedented in their
cost and energy consumption, compared to the emission controls for SO2, NOx, and particulates
adopted over the last 30 years. In the absence of commercially available CO2 capture and
sequestration technologies, near-term (<10-12 years) CO2 emission reduction requirements
would likely force many coal-fired plants to be retired prematurely. This would likely lead to a

to tie electricity prices ever more tightly to the price of natural gas, a fuel with a much more
volatile price history than coal. While the historic price differential of gas to coal is about 2:1,
recent trends and availability projections may make that gap even greater in the future. Under
this scenario, higher natural gas price prices would result in great impacts on the cost of
electricity, and on the economy in general.
4.2.2

Technical Challenges of CO2 Removal and Sequestration at Coal-Based Plants

The key challenges for CO2 removal are energy use and cost. The key challenge of long-term
storage or sequestration is the fate of the CO2 (how well it will stay sequestered). The leading
candidates for demonstrations to gain experience with CO2 removal at coal-based plants are
solvent absorption/stripping processes that are commercially used in other industries. Only
modest work has been completed to date on adapting these technologies for use in existing
power plants. Serious technical and economic challenges remain both within the CO2 removal
step itself and in pre-process cleanup of the gas stream to remove trace constituents that would
contaminate the solvents.
In PC plants with today’s commercial technology, CO2 would be removed from flue gas in an
absorber vessel using a solvent such as MEA. The CO2 would next be stripped from the solvent
via heat in a separate vessel, and the solvent returned to the absorber column. The heating
requirements reduce the net power plant output. Because flue gas is at atmospheric pressure, and
is composed primarily of nitrogen from the combustion air, the partial pressure of CO2 (the key
parameter determining the necessary solvent quantity, equipment size, and regeneration energy)
is low. This results in large and costly CO2 removal equipment. For example, the MEA process
will increase the wholesale COE for a new, high-efficiency PC-SC plant by approximately 60%
and consume about 29% of the plant’s energy output.
IGCC plants offer the opportunity for CO2 removal at a lower incremental cost and with a lower
energy penalty because the removal step can be performed on high-pressure/high CO2
concentration syngas prior to its combustion in the gas turbine. The partial pressure of CO2 is
higher if the gasifier is oxygen-blown (rather that air-blown), and the synthesis gas is "shifted" to
convert CO to CO2. A physical solvent absorption/stripping method, such as the Selexol process,
appears most promising for bulk CO2 removal. A DOE-EPRI study suggested that coal-based
IGCC systems might be the most economical option for new generating capacity if CO2 removal
is required and if goals for reducing IGCC cost and improving availability are met.

and Natural Gas
In 2000, DOE and EPRI conducted a comprehensive engineering economics study (subsequently
updated in 20026) to look at new plant economics and design for CO2 removal. This study
developed engineering and cost estimates to:
(1) predict the cost and performance impacts of MEA absorption/stripping applied to
conventionally designed PC plants and NGCC plants, and those of the Selexol process applied to
IGCC plants; and
(2) identify which coal plant options would most effectively compete with NGCC plants if 90%
CO2 removal were required.
The plant designs evaluated in the study were intended to represent the next generation of
commercially available power systems: PC plants with SC and USC steam conditions, IGCC
plants with H-Class gas turbines, and NGCC plants with F-Class and H-Class gas turbines.
Key results from this study include (values converted to tons of CO2):
•
•

•

The levelized cost per metric ton of CO2 removed was $17.73 for IGCC units, $38.55 for
USC PC units, and $54.91 for NGCC units with H-Class turbines.
If 90% CO2 removal were required for new fossil fuel power plants, and the constant dollar
cost of coal remains at approximately its current rate of $1.26/MBtu, then NGCC plants
appear to offer the lowest levelized COE up to a natural gas price of $3.64/MBtu. If the
constant dollar cost of natural gas were higher, then IGCC plants would have the lowest
COE.
For 90% CO2 removal, IGCC plants appear to have a COE up to $18/MWh (~ 25%) lower
than PC plants.

4.2.4

Strategies for an Economically Feasible Transition to a CO2-Restricted
Environment

There are approximately 305 GW of coal-fired generating capacity in the U.S. Eighty percent of
this existing capacity will be at least 30 years old by 2007. The capital costs and efficiency
penalties for retrofitting this fleet with current CO2 removal technology would be considerably
higher than the values discussed above for new plants. However, the existing plants are likely to
continue operation for decades, and thus will represent the greatest source of coal-related CO2
emissions for the foreseeable future. Therefore, the development of cost-effective CO2 removal
technology for retrofit application to existing plants, while a great technical challenge, is a
worthwhile research target.
Retrofits would be costly because of the usual retrofit considerations, such as space constraints
and site access difficulties, and because of difficulties in installing the equipment required for
6

Evaluation of Innovative Fossil Fuel power plants with CO2 Removal US DOE and EPRI Report December 2000,
EPRI report number 1000316. Updated Cost and Performance Estimates for Fossil Fuel Power Plants with CO2

absorption/stripping amines or cause corrosion problems. The cost of retrofitting CO2 removal
systems based on current technology would be prohibitive for most coal-based power plants, and
many might be replaced with NGCC, despite concerns about natural gas price volatility and fuel
diversity.
A recent study by EPRI7 provided costs to remove CO2 and upgrade existing emission controls at
existing plants. The cost is estimated to be much higher than for new plants. The capital cost for
a variety of emission control schemes, including retrofitting CO2 scrubbers, or retrofitting O2
combustion and recycle, all exceeded $1,000/kW, doubling or tripling the COE.
Given the significant cost and performance issues for retrofitting existing CO2 control
technologies on existing coal-based plants, which provide the basis for low-cost electricity in the
U.S., it may be appropriate to allocate R&D dollars toward the development of more costeffective removal options for both new and existing plants. Such an effort should include not
only a means to better adapt existing solvent-based techniques to coal-based power plants, but
also to explore promising novel technologies now in the laboratory or conceptual stage of
development.
Because CO2 removal methods appear much more energy-efficient and cost-effective when
applied to IGCC plants, R&D to improve the cost and reliability of the power block portions of
IGCC plants will be a crucial complement to work on CO2 removal systems. Because the nature
and timing of CO2 reduction requirements are uncertain, the development of “phased” IGCC
plant designs, in which plants are built to accommodate later installation of CO2 removal
technology, could help avoid retrofit burdens.
IGCC may only become broadly competitive with PC and NGCC plants under a CO2-restricted
scenario. Therefore, vendors currently do not have an adequate economic incentive to invest
R&D dollars in IGCC advancement. Similarly, power companies are not likely to pay the
premium to install today’s IGCC designs in the absence of clear regulatory direction on the CO2
issue. Therefore, accelerating the development of low-cost, low-CO2-emitting CCTs, such as
IGCC, will require substantial cooperation and funding from both public and private sources.
4.3

The Need for Large-Scale Demonstrations

4.3.1 R&D Timeframe
As with any major new technology with enormous financial, environmental, and energy security
ramifications, CO2 sequestration technologies cannot be considered commercially ready until
they are successfully proven at full-scale, under “real-world” conditions, for a period of time
adequate to assure expectations of prolonged safety and reliability. Any demonstration needs to
convince prospective public-sector and private-sector investors that the costs and risks are
sufficiently understood and acceptable so as to enlist the commitment of manufacturers and
service providers, financiers and insurers, state and local authorities, as well as the public.
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Given the diverse make-up of the coal-based generating fleet, the wide variation in the types and
properties of regionally economical fuels for power production, and the tremendous range of
terrestrial ecosystems and subsurface geological features found across the U.S., effective national
deployment of carbon sequestration measures will require the development and
commercialization of a portfolio of CO2 capture and disposal technologies.
To begin to populate a commercial sequestration technology portfolio over the medium term
(i.e., 8-15 years), development and/or refinement of the most defined promising options and
pilot-scale demonstrations must begin immediately. Commercial success at full scale will
require the effective integration of technologies for capturing CO2 at power plants, safely
transporting it to disposal sites, and assuring that placed CO2 will remain sequestered from the
atmosphere for centuries. Therefore, addressing integration issues in conjunction with the pilotscale demonstrations will accelerate their resolution at full scale.
4.3.2 CO2-Capture Technologies
Because a requirement for CO2 emissions reductions much greater than those attainable through
efficiency improvement could occur before any substantial turnover in the capital stock of U.S.
power plants, capture technology RD&D should concentrate on systems suitable for retrofit to
today’s PC units and for incorporation in coal repowering projects. Successful development of
such retrofit and repowering technology would not only satisfy domestic needs, but also position
the U.S. to be a technology exporter because PC plants are the predominant type of generating
unit throughout the world.
Another priority for CO2-capture technology RD&D should be the development of systems for
IGCC plants. As a major DOE-EPRI evaluation of potential capture technologies found, the
incremental cost and energy penalty for CO2 removal from IGCC syngas is much lower for PC
flue gas. IGCC plants can also accommodate low-grade fuels and offer the potential for coproduction of steam and clean transportation fuels, making them attractive for new coal capacity,
assuming that goals for cost reduction and availability improvement can be met.
Because the costs and energy penalties for the most-developed CO2-capture technologies (i.e.,
those that are commercial in other, albeit smaller, industrial applications) appear high, two
parallel research paths are recommended for the near term (within the next 5-7 years):
•

Refine, to the extent practical in a short period, the processes that are commercial in other
industries and are adaptable to large coal-fired power plants. Then begin demonstration
testing at “flexible” pilot-scale facilities. These pilot-scale facilities would accommodate
equipment configurations to allow testing of multiple processes, including those that are not
yet ready at the commencement of initial tests, thereby avoiding the expense and time delay
of having to build a separate pilot plant for each candidate process. This approach will
advance capabilities in technology assessment, help researchers gain experience in running
pilot CO2-capture tests, and produce CO2 gas streams with trace constituents representative
of “real-world” power plants, which is vital for sequestration demonstrations.

promise lower cost, the production of easier-to-place solid products, and greater public
acceptance. Emphasizing more “fundamental” research is important because breakthroughs
in cost and energy use for commercially available chemical and physical processes are not
expected.
4.3.3

PC Plants

The commercial technology most cited as potentially applicable to capturing CO2 from the large
volumes of flue gas produced by PC power plants is MEA absorption/ stripping. DOE and EPRI
have estimated that the MEA process will increase the wholesale COE for a new, high-efficiency
SC-PC plant by about 60% and consume about 29% of the plant’s energy output. The cost and
energy penalties for most existing PC plants, which have lower-efficiency subcritical steam
conditions, will be considerably higher.
There are opportunities for improvement. Pilot-scale demonstrations of MEA scrubbing at
power plants would allow researchers to experiment with designs that use less energy and,
therefore, reduce the COE increase. Parametric testing could correlate MEA scrubbing
performance as a function of fuel type, gas temperature, concentration of minor or trace flue gas
constituents, such as SO2, and other factors. Multiple pilot units will be required to span the full
range of conditions present in the U.S. generating fleet.
Since the use of MEA-based systems will lead to significant reductions in efficiency for coalbased power plants, continuing to work solely with this technology will likely not provide the
performance or economics needed for low-cost GHG emission reductions. Since these systems
require significant amounts of energy, more fuel resources will be utilized in the long run in
order to overcome the lost power output. Development of other processes that utilize a new
generation of solid and liquid sorbents with low regeneration energy may provide the needed
answers. One alternative is the use of high temperature CaO-CaCO3 cycles that operate above
the thermodynamic power cycle and potentially do not reduce efficiency.
Pilot-scale testing also provides insight into the scalability of equipment to full scale. By
leveraging the “best-of-breed” process conditions and equipment designs from a series of pilotscale demos, large-scale demonstrations can be conducted at lower risk of material and other
“nuisance” failures, thereby helping to assure cost-effective development of information suitable
for commercialization decisions.
4.3.4

IGCC Plants

The commercial technologies that appear most promising for removing CO2 from IGCC syngas
are derived from acid-gas cleanup methods used in the oil and gas industry, such as the Selexol
process. Selexol, in particular, also has been used in conventional IGCC units (i.e., those
without CO2 capture) for removing H2S and COS from syngas to prevent corrosion in
downstream heat exchangers and the combustion turbine.

CO2 emissions, they require that the gasifier be operated in a “shift” mode to produce syngas
with more H2 and CO2 and less CO. Selexol and other candidate processes for CO2 capture from
IGCC power systems exact a smaller loss in the plant’s energy output, relative to MEA
processing of PC plant flue gas, because the volume of syngas to be treated is approximately
1/200th of that involved in treating post-combustion flue gas
According to a DOE-EPRI study, the total incremental cost of CO2 removal from an IGCC plant
could be only about 40% of that from a PC plant. The overall relative competitiveness of IGCC
plants and PC plants with CO2 removal is unclear, and depends on future relative capital costs,
fuel costs, availability rates, and non-fuel O&M costs. Under one scenario examined by DOE
and EPRI, an IGCC plant’s COE could be as much 25% lower than that of a PC plant. Given
such projections, developing and commercializing CO2-capture technologies for IGCC plants
would be vital to improving the economics of clean coal power systems.
As with PC plants, multiple IGCC demonstrations would be necessary given the substantial
differences in the major types of gasifier designs and in the properties of regionally economical
IGCC fuels.
4.3.5 Novel CO2-Capture Technologies
Current candidate technologies for CO2 capture from PC and IGCC units will remain relatively
energy intensive and expensive. Over the near- to mid-term, it will be crucial to accelerate
development and pilot-scale testing of novel CO2 removal processes. Today, numerous novel
processes have shown promise on the basis of conceptual evaluations and/or laboratory tests, but
need refinement and subsequent testing at bench and pilot scale to assess their true potential and
scalability. Such processes involve myriad physical, chemical, and biological principles.
Examples include membrane separation, biomimetic reproduction of the enzyme used by
mollusks to repair damaged shells (which then is used as gas scrubbing medium), chemical
looping, mineralization, microbe/genetic engineering, oxyfuel combustion, and more.
4.3.6 CO2-Sequestration Technologies
Because carbon sequestration requires the safe storage of CO2 or other carbonaceous compounds
and associated trace substances for indefinite periods, determining the capacity, effectiveness,
and health and environmental impacts of CO2 disposal options may require demonstrations
lasting a decade or more (to assure confidence in the environmental integrity of storage sites and
methods). It is highly desirable to begin such demonstration projects as soon as possible using
CO2 gas streams as “realistic” as possible in terms of the trace constituents produced by CO2capture process applied to coal-fired power plants.
Public acceptance of carbon sequestration demonstrations, let alone full-scale applications, can
be expected to vary depending on the location(s) of storage sites and the types of storage
technology used. In general, public acceptance is likely to be highest for terrestrial solutions
(e.g., tree planting) and for geologic solutions involving pre-existing formations—such as

In the intermediate and long-term, geologic solutions offer significant potential for CO2 storage
capacity. Terrestrial options, such as forests, require long-range planning and may take 25-50
years to reach full capacity but they may have collateral benefit (habitat creation, enhanced
agricultural practices, ecological restoration, etc.) which mean that they should be implemented
early. Currently, the injection of CO2 into geological formations is practiced at numerous sites
worldwide for EOR and EGR.
Small-scale demonstrations of geologic CO2 disposal options could establish a benchmark for
trace leakage and help gauge risks for rapid release. Over the medium term, larger-scale
demonstrations of geologic solutions as well as pilot-scale demonstrations of the potentially
more complex oceanic disposal will be necessary to ensure sufficient CO2 disposal capacity to
support significant CO2 emissions reductions via sequestration.
R&D should also evaluate novel sequestration options that produce stable, solid products, ideally
with a market value to help offset processing costs. DOE’s Albany Research Center is already
experimenting with CO2-rich “bricks.”
4.3.6

The Value of Integrated Demonstrations

Integrated demonstrations, in which power plant CO2 capture, transport, and disposal
components are combined, are critical to improving the industry’s understanding of the realworld feasibility of carbon sequestration in terms of costs, health and environmental impacts,
risks, legal and liability issues, and public acceptability.
Early insights in this regard could prove highly valuable in terms of informing today’s decisions
on technology selection and siting for new power plants that would make them more or less
amenable to subsequent CO2-capture technology retrofits.
Large-scale integrated demonstrations also give power plant owners, technology developers,
financiers and insurers, and policymakers greater confidence that successful demonstration
results portend collective movement of all the necessary market actors toward true, selfsustaining commercialization of carbon sequestration technology.
4.3.7 Challenges
Key challenges include securing funding for multiple large-scale demonstrations and, especially
for CO2 disposal, obtaining permits from local governments. Addressing the funding issue will
require strong public-private partnerships. In some cases, the power industry may work closely
with other industrial sectors, such as where valuable products could be co-produced and sold in
the process of disposing of CO2 (e.g., EOR, EGR, or CBM production). Local permitting agency
concerns may be addressed through education programs designed to accurately present potential
risks and benefits of carbon sequestration. Leveraging small-scale demonstrations to gather data
prior to large-scale storage projects will help researchers quantify these risks.

The recently announced Presidential FutureGen Sequestration and Hydrogen Research Initiative
could well serve as a major platform for developing CO2 sequestration in conjunction with coal
gasification. This initiative will speed the development of hydrogen production based on coal
and of CO2 sequestration technologies applicable to coal gasification. This program also
matches the recommendation of the National Research Council's Review of Vision 21 in which
they recommended..."The Vision 21 program should continue to sharpen its focus. It should
focus on the development of cost-competitive, coal-fueled systems for electricity production on a
large scale (200-500 MW) using gasification-based technologies that produce sequestration ready CO2 and near-zero emissions of conventional pollutants." This program also should meet
specific gasification development and sequestration goals developed in joint industrygovernment roadmapping documents such as those developed in conjunction with DOE/ EPRI
and CURC (refer to http://www.coal.org/rdmap.htm).
This unique facility is envisioned to provide R&D capability to allow testing of novel equipment
under realistic conditions and may carry a significant share of U.S. R&D activities. It will still
be necessary to have multiple demonstrations or combinations of pilot and demonstration
projects to cover differing gasification designs, or designs not based on gasification technology,
with differing coals, and differing regional types of sequestration.
4.4
4.4.1

Future Programs for Voluntary Actions
Summary

The federal government has established or is establishing several programs to address the
technical, environmental and societal challenges to widespread adoption of GHG management
technologies by private industry. Three of these programs are highlighted in this report:
Regional Partnerships for Carbon Sequestration; the Climate VISION Program, and the Carbon
Sequestration Leadership Forum.
Under the Regional Partnerships program, DOE has called for proposals to identify the
opportunities and impediments to carbon sequestration, recognizing the distinct differences
likely for different geographic regions. These projects, conducted over the next two years, are
intended to lead to larger scale field tests of promising sequestration options on a regional basis.
In February, 2002, the President announced the goal of reducing GHG intensity by 18% over the
next decade, and called on private industry to work in partnership with the government to meet
this goal. In February, 2003, DOE responded by announcing agreements with the major
industrial sectors8 to participate in its Climate VISION program, creating voluntary publicprivate partnerships administered by the DOE, to pursue cost-effective initiatives that will reduce
the projected growth in America’s GHG emissions.
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Oil and Gas Production, Transportation and Refining, Electricity Generation, Coal Production and Mining, The
Portland Cement Association (PCA) , The American Iron and Steel Institute (AISI), The Semiconductor Industry
Association (SIA), Magnesium Coalition and the International Magnesium Association, The American Chemistry

On February 27, 2003, the Departments of State and Energy announced the formation of the
Carbon Sequestration Leadership Forum, a ministerial-level international organizational focus
on development of carbon capture and storage technologies as a means to stabilizing atmospheric
GHG concentrations. The partnership will promote coordinated research and development with
international partners and private industry, including data gathering, information exchange, and
collaborative projects.
4.4.2

Regional Partnerships for Carbon Sequestration

Among the many elements of its GHG management program, the DOE has issued a solicitation9
to establish “regional partnerships” to facilitate the development and use of technology for the
capture, transport, and storage of CO2 from anthropogenic sources throughout the U.S. This
concept recognizes that patterns of fossil fuel use, and the nature and location of potential
sequestration sinks differ widely throughout the U.S. As a result, distinctly different regional
approaches may be required if the country as a whole is going to address the issue of CO2 in a
cost effective manner. In addition to the technological factors affecting the regional
sequestration option, social, legal and regulatory issues (including permitting requirements and
public acceptance) need to be addressed on a regional and local basis.
DOE envisions these issues being addressed by a number of regional partnerships, which would
include fuel producers, energy producers, consumers, industrial entities, the academic and
research community (academia and environmental advocacy organizations), and state agencies.
The regions will be defined by the participants in a partnership based on commonality of
technical, economic, and political interests. The specific objectives set out by DOE for Phase I
of the regional partnership program include:
•
•
•
•
•

Defining the geographical boundary of the region;
Characterizing the region for its sources, potential sinks, and key infrastructure
requirements, such as CO2 transportation mechanisms;
Developing action plans which identify and address critical issues for wide-scale use
of the most attractive regional sequestration approaches;
Defining mechanisms to ensure public awareness and acceptance of carbon
sequestration; and
Analyzing the results of the foregoing steps to identify the most attractive options in a
regional context on the basis of economic, environmental, and social criteria to select
prime candidates for future large-scale demonstrations.

Under Phase II of the program, participants would conduct small-scale field tests to demonstrate
the validity of the sequestration options identified in the assessment and analysis phase of this
program.
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million to each for initial Phase I planning. As much as $7 million could be provided to
partnerships for the field verification tests and further regulatory and infrastructure assessment
expected to be conducted in Phase II.
4.4.3

Industrial Commitments to Voluntary Emissions Reductions Under the Climate
VISION Program

On February 14, 2002, President Bush committed to reducing America's GHG intensity (the ratio
of emissions to economic output) by 18% in the next decade. On February 12, 2003, the DOE
announced the Administration’s Climate VISION (Voluntary Innovative Sector Initiatives:
Opportunities Now) Program, a voluntary, public-private partnership to pursue cost-effective
initiatives that will reduce the projected growth in America’s GHG gas emissions. Climate
VISION will be administered through the DOE’s policy and international program. The industry
sectors which announced their participation and their stated goals are described below.
Oil and Gas Production, Transportation and Refining
The API proposed to increase the energy efficiency of members' U.S. refinery operations by 10%
from 2002 to 2012 through reduced gas flaring and other energy efficiency improvements,
expanded combined heat and power facilities, increased by-product utilization, and reduced CO2
venting. API members will develop GHG management plans to identify and pursue
opportunities to further reduce emissions.
Electricity Generation
EEI and six other power sector groups10 formed the Electric Power Industry Climate Initiative
(EPICI) to reduce the sector's carbon intensity. The EPICI will pledge to reduce the power
sector's carbon impact in this decade by the equivalent of 3-5% through increased natural gas and
CCT, increased nuclear generation, offsets, and expanded investment in wind and biomass
projects.
Coal Production and Mining
The National Mining Association (NMA) committed to achieving a 10% increase in the
efficiency of those systems that can be further optimized with processes and techniques
developed by DOE and made available through the pending NMA-DOE Allied Partnership. The
commitment includes steps to recover additional CMM, expansion of land reclamation, carbon
sequestration efforts, and coal and mining research.
The Portland Cement Association (PCA)
PCA has committed to reduce CO2 emissions by 10% per ton of cement from a 1990 baseline by
2020 through enhancements to the production process, the product itself, and how the product is
applied.
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National Rural Electric Cooperative Association, the Nuclear Energy Institute, the American Public Power
Association, the Large Public Power Council, the Electric Power Supply Association, and the Tennessee Valley

Thirty-three member firms, representing nearly three-quarters of the nation's steel-producing
capacity, have committed to achieving a 10% increase in sector-wide average energy efficiency
by 2012 from 1998 levels.
The Semiconductor Industry Association (SIA)
SIA committed to reduce a suite of the most potent GHG emissions (HFC, PFC and SF6
"perfluorocompounds") by 10% from 1995 levels by the end of 2010. EPA estimates that this
will reduce emissions by over 13.5 MMTCE in the year 2010, or the equivalent of eliminating
GHG emissions from 9.6 million cars.
Magnesium Coalition and the International Magnesium Association
Magnesium Coalition and the International Magnesium Association companies have committed
to eliminate sulfur hexafluoride (SF6) emissions from their magnesium operations by 2010,
which will have a climate benefit equivalent to eliminating 1.4 MMTCE in GHG emissions.
The American Chemistry Council (ACC)
The ACC, whose members operate 90% of the chemical industry production in the U.S., has
agreed to an overall GHG intensity reduction target of 18% by 2012 from 1990 levels through
increased production efficiencies, promoting coal gasification technology, increasing bio-based
processes, and by developing products which increase energy efficiency in other sectors
The Aluminum Association
The Aluminum Association is committed to reducing sector-wide GHG emissions. Through one
of the first voluntary partnerships with EPA in 1995, the Voluntary Aluminum Industry
Partnership (VAIP) reduced perfluorocarbon (PFC) emissions in 2000 by over 45% compared to
1990 levels.
The Association of American Railroads (AAR)
The AAR has committed to reducing the transportation-related GHG intensity of their Class 1
railroads by 18% in the next decade.
The Alliance of Automobile Manufacturers (AAM)
AAM has agreed to reduce GHG emissions from its members' manufacturing facilities by at least
10% by 2012, based on U.S. vehicle production from a 2002 baseline by installing energy
efficient lighting, converting facilities' coal and oil power sources to cleaner natural gas, and
upgrading ventilation systems.
The American Forest and Paper Association (AF&PA)
AF&PA members expect to reduce their GHG intensity by 12% by 2012 relative to emissions
levels in 2000 through the Sustainable Forestry Initiative program, recycling, avoiding landfill
methane emissions, and increasing carbon storage.

On February 27, 2003, the Departments of State and Energy announced the formation of the
Carbon Sequestration Leadership Forum, a ministerial-level international organization
focusing on enhancing international opportunities related to GHG management. The partnership
will promote coordinated research and development with international partners and private
industry, including data gathering, information exchange, and collaborative projects.
An inaugural meeting, scheduled for June, 2003, will involve presentations by government, the
private sector, and non-governmental organizations on the status of sequestration research and
the technical, economic, and public policy challenges that must be addressed. A Ministerial
Roundtable will be held to discuss the Forum and each country's goals in participating.
The Carbon Sequestration Leadership Forum does not change any of the existing bilateral
agreements that the U.S. has with many countries. Instead, it is intended to focus the efforts of
the international community specifically on carbon sequestration as one option in an overall
GHG mitigation strategy.
In that regard, it is worth noting that, at its meeting on February 19-21, 2003, the IPCC11 gave
formal approval to the writing of a Special Report on CO2 Capture and Storage as a climate
change mitigation option. The report will be written under the auspices of Working Group III
(WGIII) on Mitigation. The Energy Research Centre of the Netherlands (ECN) operates the
Technical Support Unit for WGIII. The Special Report will take two years to complete, with
delivery planned for the first half of 2005. A workshop to prepare a scoping paper for this report
met November 18-21, 2002, in Regina, Canada (workshop proceedings available at
http://www.climatepolicy.info/ipcc). According to that scoping paper, reasons to proceed with
this report include:
•
•
•
•

11

CO2 capture and storage is an emerging technology option with a very high
mitigation potential. It has been suggested that about half the world cumulative
emissions to 2050 may be stored at costs comparable to other mitigation options.
The keen interest in this subject is demonstrated by plans considered by several
leading industrial countries to invest in this emerging technology in the coming years.
There is a growing interest in the scientific and technical community in the subject of
CO2 capture and storage, demonstrated by the growing availability of the literature.
Policymakers have a growing need for a reliable synthesis of the available scientific
literature in order to facilitate the decision making process on the plans for CO2
capture and storage as a climate change mitigation option.

The IPCC has been established by WMO and UNEP to assess scientific, technical and socio- economic

4.5.1 Incentives for New and Existing Facilities
Background
It is likely that existing coal-fired plants will continue to provide the bulk of our nation’s
electricity for decades to come, unless political decisions are made which force their retirement
for economic reasons. Ultimately, economic and technical factors will make it necessary to build
new power plants to replace retiring capacity and to meet load growth. As indicated in this
report, significant reductions in CO2 emissions can be achieved in the near term by increasing the
efficiency of the existing generating fleet. Moreover, replacement of the existing units with new,
more advanced CCTs can further increase fleet efficiency, and reduce CO2 emissions. Finally,
new plants can be designed to facilitate CO2 capture and sequestration, if this becomes
necessary, and technologically and economically feasible. Therefore, three principal elements of
a strategy to reduce CO2 emissions, while continuing to utilize our domestic coal resources are to
increase efficiency on the existing generating fleet, replace existing capacity or add new capacity
with more highly efficient advanced technologies, and prepare for possibility that carbon capture
and sequestration may be necessary in the future.
An analysis of the previously reported actions under Section 1605(b) of the Energy Policy Act
demonstrates that private companies are willing to take voluntary actions to reduce GHG
emissions if technological and financial risks and rewards are acceptable. However, the goal of
advancing new technology can be accelerated if incentives are available to offset the incremental
risk taken on in early full-scale demonstrations and deployment of the most advanced
technologies. These incentives can take the form of financial instruments intended to reduce the
financial risk engendered by the technical uncertainty inherent in the demonstration or early use
of new technology.
Two important components of federal policy in this regard are cost-sharing by the federal
government in the first-of-a-kind demonstration of new technology, and tax incentives to
encourage replicate deployment of demonstrated technologies. The latter is particularly
important for encouraging investment in capital intensive technologies such as central-station
coal-fired power plants. The argument is that some number of these new technologies needs to
be built to move along the technology along a “learning curve” that reduces the technical risk
and cost to the point that plants can attract conventional commercial financing.
This concept is embodied in the National Environmental and Energy Technology (NEET)
legislation which has been introduced in both the House and the Senate.
Under NEET, tax incentives are provided for the installation of CCT that increases thermal
efficiency and reduces emissions at coal-fired power plants. The bill includes provisions for
existing and new plants. For existing facilities, the bill provides a production tax credit of
$0.0034/kWh for retrofitting or repowering of units to meet the energy efficiency and emission
requirements qualifying it as CCT as defined in the bill.
For new units, NEET provides a 10% investment tax credit, and production tax credits of varying

incentive increases as the efficiency of the unit increases.
4.5.2 Addressing regulatory issues
In some instances, environmental regulations can have the effect of impeding actions that would
otherwise result in the reduction or sequestration of greenhouse gases. Two examples are cited
here: reclamation requirements affecting carbon sequestration on mined lands; and interpretation
of New Source Review regulations affecting the ability of power plants to make efficiency
improvements.
1. Statutory and regulatory impediments to terrestrial sequestration at mining sites.
Opportunities exist for more CO2 to be sequestered at surface coal mining reclamation sites by
changing the laws, interpretations of laws, and local practices of mine reclamation to allow for
more effective approaches to reforestation. Practices and laws governing post-mining land use,
approximate original contour requirements, topsoil requirements, and revegetation requirements
need to be addressed in order to promote increased forestation.
Post Mining Land Use. The Surface Mining Control and Reclamation Act (SMCRA) established
that all areas disturbed during mining be restored in a timely manner to: (1) conditions that are
capable of supporting the uses which they were capable of supporting before any mining; or (2)
higher and better uses under certain criteria and procedures.
If land was not forested before mining, some jurisdictions have ruled that reforestation is not a
higher and better use of the land. In particular, this is the case in the Midwest where pre-mine
lands are designated as prime farmland. With the significant potential for CO2 sequestration on
mining lands through reforestation, State and Federal regulatory agencies should allow
reforestation as a higher beneficial post-mining land use. This would require no change in
regulation, just a change in classification.
Approximate Original Contour Requirements. Mining laws require that the land surface be
returned to the approximate original contour (AOC) that existed prior to mining or an approved
postmining topography (PMT) for thin overburden mines. The action of heavy equipment
required to transport, backfill, and grade the material needed to create a narrowly defined
AOC/PMT results in a highly compacted soil surface.
Highly compacted soils decrease tree survivability and do not allow for rapid and large tree
growth. Reclamation regulations or enforcement practices should be changed to allow more
flexibility in this area. This would reduce the intensity of grading, thus enabling an environment
for proper tree growth and survivability, as well as enhancing CO2 sequestration.
Topsoil Requirements. Topsoil removal, segregation, storage, and replacement are required in
many jurisdictions. Some jurisdictions also require that topsoil be replaced at a uniform
thickness.
In many areas of the country, larger and faster tree growth can be demonstrated by using mixed

reclaimed surfaces, even though varying depths are found in the premining environment. Using
thicker topsoil in valleys and thinner on peaks would help foster a more diverse vegetation cover.
Flexibility in topsoil requirements would help to increase reforestation and the re-establishment
of shrubs, also enhancing CO2 sequestration.
Revegetation Requirements. SMCRA requires that mine permit holders establish a diverse,
effective, and permanent vegetative cover of species native to the area to support the planned
post-mining uses of the land. While this provision allows for non-native species of plants to be
used, local regulation has not always allowed for this to happen. In order to maximize CO2
uptake, non-native vegetation may need to be allowed.
2. New Source Review.
A wide range of technologies are available for improving efficiency at coal-fired power plants.
These include improvements in materials, upgrades of boiler pressure parts, burner
improvements, and new designs for steam turbine blades. Such efficiency increases, as
previously noted, would result in fewer GHG emissions per unit of fuel burned. As the Council
noted in its May, 2001, report, “Increasing Electricity Availability from Coal-Fired Generation in
the Near Term,” the change in enforcement procedures by EPA (reinterpreting as violations of
the Clean Air Act what had previously been considered routine maintenance at power plants) has
had a direct and chilling effect on all maintenance and efficiency improvements at existing
power plants.
At issue is whether or not these changes would in fact result in increased emissions of various
pollutants, and if the utilities in question should have submitted permit applications prior to
doing the maintenance or making the efficiency upgrades. EPA contends that certain methods of
calculating future emissions could show increases, which would require that emission control
systems would need to be retrofitted, at great cost and with significant project delay, negating
any achievable increases in efficiency.
Over the past several years, EPA has continued to pursue the legal action, while at the same time
proposing potential “fixes” to the new source review definitions, calculation methods, and
enforcement. With some of the companies “settling” their cases, other cases being handled in
venues in various states, and EPA continuing to re-propose various regulatory “fixes,” it is likely
that various outcomes will occur, making it even more difficult for utilities to determine how to
proceed on what would otherwise have been the “right” thing to do, with improvements in
efficiency being stalled. As the Council noted previously, legislative action to make the
appropriate corrections on a nationwide basis may be the best option to promote efficiency
improvements that would led to lower emissions of GHGs from coal-fired power plants.
4.5.3 Transition Issues for Coal Generation
Implementing the technologies described in the previous sections of this report will require
transitions both in the technology itself and in the policies and regulations that will govern the
generation business of the future. The need for orderly transitions is necessary due to the desire
to minimize technical and financial risk on the parts of the generating companies and the

Coal-fired power plants, once thought to be facing a rapid demise, now are broadly perceived as
one element of a strategy to use indigenous resources for the future energy security of the
country. Transitioning to this future will require concerted efforts in four interdependent areas:
•
•
•
•

Developing public/private partnerships to fund technology development and
demonstrations;
Creating tax and other incentives to encourage investment in technology development
and implementation;
Designing a technology rollout strategy to implement new technologies while
reducing the associated technology and financial risks; and
Managing an institutional transition to address public policy, regulatory, and
environmental/ ecological issues.

4.5.4 Funding Technology Development Through Public/Private Partnerships
To assure the future of coal-based generation, it will be necessary to increase efficiency and
reduce emissions while decreasing capital and operating costs. CCTs, such as USC and IGCC
power plants, have the potential for conversion efficiencies of >50% (LHV). Deployment of
these technologies will depend on lower fuel costs to help offset the higher capital cost of these
options. Current estimates suggest that these technology advances have the potential to make
new clean coal generation competitive with equivalent NGCC plants on a cost of electricity basis
in the 2010 to 2020 time frame. In certain niche areas or cases, IGCC may be able to take
advantage of low-cost and opportunity fuels, and of its superior environmental performance, to
compete in the next seven to 10 years.
Timely advances in coal technology cannot be achieved without a significant increase in RD&D
funding that will permit commercial viability within the next 10 years. This is problematic in the
current economic and regulatory environment because power plant operators are under extreme
pressure to reduce costs and are unwilling to invest in new technologies. Investing now in an
advanced power plant technology requires patience, because the investment will not earn a return
until some time after successful commercialization.
All of these issues suggest that traditional forms of private-sector funding for new technologies
may not be feasible in today’s electricity generation business environment. Public-private
consortia are emerging as a mechanism to provide the needed resources for technology
development. They allow for front-loading the R&D processes, as well as the early stages of
pilot and full-scale tests. DOE funding of research for the advanced coal program follows this
precept, in that the DOE cost share is higher for high-risk technology development and lower for
commercialization activities. This approach has been a success in prior programs, such as the
CCT Program, and is working well to sustain interest in the current Vision 21 program. It is
anticipated that it will be successful in the FutureGen program as well.
Although these programs encourage private sector participation in the technology development
process, the current funding levels are not adequate to develop and commercialize the

systems.
Additional R&D is necessary for the following specific technologies and high priority issues:
•
•
•
•
•
•
•
4.5.4

High-pressure solid feed systems;
Fuel cell development and testing;
Slip stream testing of fuel cells;
High-temperature metallic heat exchangers (for service at 1800°F);
Gasifiers for high-ash, high-moisture coals;
Enhanced trace element monitoring; and
Char combustion and gasification.

Investment Incentives

Government action should not be limited to research funding. There is a clear role for
government in supporting the deployment of CCT to improve fuel diversity and reduce
emissions. Without a strong advanced technology development program, there will be dramatic
reductions in the use of coal over the next 30 years and a huge increase in natural gas
consumption for electricity generation. This prospect threatens the energy security and perhaps
the economic well-being of the U.S. One answer is a national strategy that encourages the
balanced use of all our energy resources -- coal, gas, nuclear, and renewable energy sources.
With respect to coal-based technologies, incentives are needed to address the issues associated
with building new plants due to uncertainties about future emissions control requirements.
It is possible to define a tax and incentive package aimed at boosting the maximum generation
efficiency of coal-based power plants to 50% or higher (LHV). Achieving these goals would
produce significant environmental benefits.
Three types of incentive package have been proposed to encourage early commercialization of
advanced coal technologies:
• An investment tax credit tied to the project owner’s equity;
• A variable production tax credit tied to energy production and energy efficiency over
the first 10 years of operation, with higher benefits to early implementation of high
efficiency technologies; and
• A “risk pool” to cover repairs or modifications necessary to achieve the required
performance during startup and the first three years of operation.
4.5.5

Technology Rollout Strategy

Investors and operators are reluctant to be the owners of “Serial No. 1.” This suggests the need
for a strategy of rolling out technologies in a series. The first units in a series would have modest
improvements in performance, with minimal additional financial risk. In addition, the initial
technology advances would be familiar to the operators, minimizing re-training. This suggests

gas produced by a slagging gasifier might be a better choice for an organization with prior
experience in some or all of the unit processes implied in a sophisticated hydrogen production
operation.
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Project Title

Performer Type

Performer

Ocean Carbon Sequestration

Gov't Agency

Department of Navy - Naval Sea 07/07/1999 03/30/2003
Systems Command

$576,094

$576,094

Terrestrial Sequestration of CO2

Gov't Agency

USDA - Forest Service - Southern 09/07/1999 09/29/2004
Research Station

$75,000

$25,000

Carbon Capture and Water Emissions Treatment System Gov't Agency
(CCWESTRS) at Fossil-Fueled Electric Generators

Tennessee Valley Authority

09/17/2000 09/29/2003

$1,289,007

$729,007

Chemical Fixation of CO2 in Coal Combustion Products Gov't Agency
and Recycling Through Algal Biosystems

Tennessee Valley Authority

09/17/2000 09/29/2002

$755,291

$604,233

Economic Evaluation of CO2 Sequestration Technologies

Gov't Agency

Tennessee Valley Authority

09/17/2000 07/30/2002

$1,321,113

$1,056,890

CO2 Capture by Absorption with Potassium Carbonate

State Univ.

University of Texas at Austin

03/31/2002 03/31/2005

$728,007

$461,849

Laboratory Investigations in Support of CO2-Limestone State Univ.
Sequestration in the Ocean
Calcium Carbonate Prod. by Coccolithophorid Algae in State Univ.
Long-Term CO2 Sequestration
Atomic Level Modeling of CO2 Disposal as a Carbonate State Univ.
Mineral

University of Massachusetts

03/31/2002 03/31/2004

$267,840

$206,290

California State University San Marcos 04/30/2001 04/25/2004

$306,846

$212,371

Arizona State University

06/11/1998 07/30/2002

$369,225

$199,697

P-H Neutral Concrete for Attached Microalgae & State Univ.
Enhanced CO2
Optimal Geological Environments for CO2 Disposal in State Univ.
Saline Reservoirs
Reactive, Multi-phase Behavior of CO2 in Saline Aquifers State Univ.
Beneath the Colorado Plateau

Louisiana State University

07/14/1998 05/14/1999

$50,373

$50,373

University of Texas at Austin, Bureau 07/23/1998 07/14/2004
of Economic Geology

$404,434

$404,434

University of Utah - OSP

08/08/2000 08/12/2003

$428,049

$342,412

North Carolina A&T State University

08/18/1999 08/30/2002

$199,963

$199,963

High Temperature CO2 Semi-Permeable Dense Ceramic State Univ.
Membranes
An Innovative Concept for CO2-Based Tri-generation of State Univ.
Fuels, Chemicals, and Electricity Using Flue Gas in Vision
21 Plants

University of Cincinnati

08/24/2000 08/30/2002

$57,195

$49,999

- 08/29/2000 11/29/2001

$50,000

$50,000

Oxygen-Enriched Coal Combustion with CO2 Recycle and State Univ.
Recovery

University of Utah - OSP

08/30/2000 05/29/2002

$49,719

$49,719

Separation of Hydrogen and
Membrane Reactor

CO2 Using a Novel State Univ.

Project
Start Date

Pennsylvania State
University Park
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University

Project
Date

End Total
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Cost

DOE Share

Project Title

Performer Type

Performer

Project
Start Date

Preliminary Characterization of CO2 Separation and
Storage Properties of Coal Gas Reservoirs

State Univ.

University of Arizona

09/11/2001

09/10/2002

$49,997

$49,997

Development of Superior Sorbents for Separation of CO2 State Univ.
From Flue Gas at a Wide Temperature Range During Coal
Combustion

University of Cincinnati

09/17/2001

09/16/2002

$57,650

$50,000

Enhancement of Terrestrial C Sinks Through Reclamation State Univ.
of Abandoned Mine Lands in the Appalachians

Stephen F. Austin State University

09/19/2000

09/18/2003

$839,504

$628,169

Understanding Olivine CO2 Mineral Sequestration
Reaction Mechanisms at the Atomic Level: Optimizing
Reaction Process Design

State Univ.

Arizona State University

09/19/2001

09/18/2002

$77,113

$49,170

Enhancing the Atomic Level Understanding of CO2
Mineral Sequestration Mechanisms via Advanced
Computational Modeling

State Univ.

University of Arizona

09/19/2001

09/18/2004

$262,545

$195,717

Active Carbonation: A Novel Concept to Develop an
Integrated CO2 Sequestration Module for Vision 21 Plants

State Univ.

Pennsylvania State University University Park

09/23/2001

09/22/2002

$55,000

$50,000

CO2 Sequestration and Recycle by Photosynthesis

State Univ.

University of Akron

09/23/2001

09/22/2004

$266,620

$199,965

Novel Nanocomposite Membrane Structures for Hydrogen State Univ.
Separation

University of Texas at Austin

09/26/2001

09/25/2004

$200,000

$200,000

Maximizing Storage Rate and Capacity and Insuring the
Environmental Integrity of CO2
Enhanced Practical Photosynthetic CO2 Mitigation

State Univ.

Texas Tech University

09/27/2000

09/30/2003

$2,618,393

$2,081,348

State Univ.

Ohio University

09/27/2000

09/30/2003

$1,369,495

$1,075,022

Unminable Coalbeds & Enhancing Methane Production
Sequestering CO2

State Univ.

Oklahoma State University

09/28/1998

03/14/2003

$876,175

$820,649

CO2 Sequestering Using Microalgal Systems

State Univ.

University of North Dakota Energy and 09/30/1998
Environmental Research Center

03/30/2003

$0

$0

Geologic Screening Criteria for Sequestration of CO2 in
Coal: Quantifying Potential of the Black Warrior Coalbed
Methane Fairway, Alabama

State Agency

Geological Survey of Alabama

09/28/2000

10/04/2003

$1,398,068

$789,565

CO2 Removal from Natural Gas

Small Business - Carbozyme,Inc.

08/26/2001

05/25/2002

$100,000

$100,000
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DOE Share

Project Title

Performer Type
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Obtaining EPA Permits for CO2 Ocean Sequestration
Experiment in Hawaii

Small Business

Pacific International Center for High
Technology Research

05/31/2002

10/29/2002

$60,495

$60,495

A Zeolite Membrane for Separation of Hydrogen from
Process Streams

Small Business

TDA Research, Inc.

06/14/1998

03/13/1999

$100,000

$100,000

A Novel CO2 Separation System

Small Business

TDA Research, Inc.

07/09/1998

12/30/2003

$549,999

$549,999

Sequestration of CO2 Using Coal Seams
Natural Analogs for Geologic Sequestration

Small Business

Northwest Fuel Development Inc.

07/14/1998

05/14/1999

$56,752

$56,752

Small Business

Advanced Resources International

07/29/2001

07/30/2004

$1,736,390

$1,123,390

Organization of 2003 National Carbon Sequestration
Conference

Small Business

Exchange Monitor Publications, Inc.

07/31/2002

07/31/2002

$245,120

$100,000

Oil Reservoir Characterization and CO2 Injection
Monitoring in the Permian Basin with Cross-Well
Electromagnetic Imaging
Geologic Sequestration of CO2 in Deep, Unmineable
Coalbeds: An Integrated Research and Commer

Small Business

ElectroMagnetic Instruments, Inc.

09/10/2000

08/30/2003

$1,150,630

$767,821

Small Business

Advanced Resources International

09/27/2000

03/31/2004

$5,543,246

$1,387,224

Recovery & Sequestration of CO2 from Stationary Comb.
Systems by Photosynthesis of Microalgae

Small Business

Physical Sciences, Inc.

09/28/2000

09/30/2003

$2,361,111

$1,682,028

Support for the International CO2 Ocean Sequestration
Field Experiment

Small Business

Pacific International Center for High
Technology Research

09/28/2001

09/29/2002

$93,613

$44,613

Weyburn CO2 Sequestration Project

Non-US

Natural Resources Canada-CANMET

05/31/2002

12/29/2002

$27,000,000

$4,000,000

CANMET CO2 Consortium-O2/ CO2 Recycle Combustion Non-US

Natural Resources Canada-CANMET

09/29/1999

09/29/2002

$765,000

$35,000

An Integrated Modeling Framework for Carbon
Management Technologies

Private Univ.

Carnegie Mellon University

08/13/2000

09/29/2003

$896,466

$717,172

International Collaboration on CO2 Sequestration

Private Univ.

Massachusetts Institute of Technology

08/23/1998

10/22/2002

$950,000

$950,000

CO2 Sequestration in Coalbed Methane Reservoirs

Private Univ.

University of Southern California

09/19/2001

09/18/2002

$50,000

$50,000

Drexel University

08/30/2000

12/30/2002

$53,458

$50,000

SRI International Corporation

03/19/2002

03/18/2003

$124,967

$99,974

Development of Mesoporous Membrane Materials for
Private Univ.
CO2 Separation
Photoreductive Sequestration of CO2 to Form C1 Products Nonprofit
and Fuel

Project
Start Date
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Development of Synthetic Soil Materials for the
Reclamation of Abandoned Mine Sites

Nonprofit

Western Research Institute

04/09/1998

06/29/2003

$279,434

$139,717

Recovery of CO2 in Advanced Fossil Energy

Nonprofit

Research Triangle Institute

07/14/1998

02/27/2002

$550,000

$550,000

CO2 Capture From Flue Gas Using Dry Regenerable
Sorbents
The Potential of Reclaimed Lands to Sequester Carbon
and Mitigate the Greenhouse Effect

Nonprofit

Research Triangle Institute

08/30/2000

08/30/2003

$1,050,889

$812,285

Nonprofit

Western Research Institute

11/14/1999

09/29/2002

$0

$0

Application and Development of Appropriate Tools and
Technologies for Cost-effective Carbon Sequestration

Nonprofit

The Nature Conservancy (TNC)

07/10/2001

07/09/2004

$2,023,597

$1,618,878

Feasibility of Large-Scale CO2 Ocean Sequestration

Nonprofit

09/17/2000

09/29/2003

$1,106,409

$812,695

The University of Kansas Center for Research

Nonprofit

09/26/2000

12/20/2003

$3,307,515

$2,436,690

Zero Emissions Power Plants Using SOFCs and Oxygen
Transport Membranes

Large Business

Monterey Bay Aquarium Research
Institute
University of Kansas Center for
Research
Siemens Westinghouse Power Corp. Pittsburgh

05/31/2000

11/29/2002

$3,084,061

$2,311,108

CO2 Capture Project

Large Business

BP Corporation North America Inc

07/10/2001

11/10/2004

$9,994,165

$4,995,000

McDermott Technology, Inc. (MTIOH)

07/14/1998

12/30/2001

$619,732

$619,732

Large Business

Tampa Electric Company

08/23/1998

04/23/1999

$112,950

$50,000

Large Business

McDermott Technology, Inc, (MTILynchburg)

09/01/1999

08/30/2002

$99,985

$99,985

CO2 Capture from Industrial Process Gases

Large Business

Air Products and Chemicals, Inc.

09/17/1998

05/17/1999

$70,143

$50,000

Fuel-Flexible Gasification-Combustion Technology for
Production of H2 and Sequestration-Ready CO2

Large Business

GE Energy and Environmental
Research Corporation

09/18/2000

09/29/2003

$3,378,920

$2,500,000

Sequestration of CO2 Gas in Coal Seams
Advanced Oxyfuel Boilers and Process Heaters for Cost
Effective CO2 Capture and Sequestration

Large Business

CONSOL Inc.

09/20/2001

12/30/2008

$9,269,333

$6,959,601

Large Business

Praxair, Inc.

09/23/2001

12/30/2005

$5,836,482

$4,085,537

Greenhouse Gas Emissions Control by Oxygen Firing in
Circulating Fluidized Bed Boilers

Large Business

ALSTOM Power, Inc., US Power Plant
Laboratories

09/26/2001

10/26/2004

$1,996,486

$1,597,189

CO2 Hydrate Process for Gas Separation from a Shifted
Synthesis Gas Stream

Large Business

Bechtel National Inc.

09/29/1999

12/30/2005

$9,076,621

$9,076,621

Land Application Uses of Dry FGD By-Products

For-profit
Organization

Dravo Lime Company

07/22/1991

07/21/1999

$4,302,804

$1,341,125

R&D Entitled, "Large Scale CO2 Transportation and Deep Large Business
Ocean Sequestration"
The Removal and Recovery of CO2 from Syngas and
Acid Gas Streams in an IGCC Power Plant
Evaluation of Oxygen Enriched Combustion Technology
for Enhanced CO2 Recovery
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CO2 Selective Ceramic Membrane for Water-Gas-Shift
Reaction with Simultaneous Recovery of CO2

For-profit
Organization

Media and Process Technology Inc.

08/30/2000

08/30/2003

$900,000

$720,000

Novel Composite Membrane and Process for Natural Gas
Upgrading

For-profit
Organization

Innovative Membrane Systems, Inc.

09/28/1999

06/29/2002

$512,248

$392,373

Evaluation of Multiple Product Power Cycles

Natl Lab

Argonne National Laboratory (ANL)

02/08/2000

09/29/2002

$400,000

$400,000

Zero Emissions Steam Technology Research Facility
Study
Developing an Atomic Level Understanding to Enhance
CO2 Mineral Sequestration Reaction

Natl Lab

Lawrence Livermore National
Laboratory (LLNL)
Argonne National Laboratory (ANL)

02/09/2001

03/24/2002

$2,400,000

$1,200,000

02/15/2001

02/14/2002

$357,000

$357,000

Natl Lab

Nonaqueous Biocatalysis Applied to Coal Utilization

Natl Lab

Idaho National Engineering and
Environmental Laboratory (INEEL)

03/08/1998

09/29/2002

$130,000

$130,000

Whitings as a Potential Mechanism for Controlling
Atmospheric CO2

Natl Lab

Idaho National Engineering and
Environmental Laboratory (INEEL)

03/08/1999

09/29/2002

$1,600,000

$1,600,000

Vortex Tube Design and Demo for the Removal of CO2
from Natural Gas and Flue Gas
CO2 Separation Using a Thermally Optimized Membrane

Natl Lab

Idaho National Engineering and
Environmental Laboratory (INEEL)

04/14/2000

09/29/2002

$925,000

$625,000

Natl Lab

Los Alamos National Laboratory
(LANL)
Battelle Columbus Laboratories

04/14/2000

04/13/2003

$1,215,360

$1,215,360

04/29/1998

02/27/1999

$99,995

$99,995

Brookhaven National Laboratory
(BNL)
Los Alamos National Laboratory
(LANL)
Oak Ridge National Laboratory
(ORNL)
Sandia National Laboratories (SNL) NM
Lawrence Berkeley National
Laboratory (LBNL)
Lawrence Livermore National
Laboratory (LLNL)
Idaho National Engineering and
Environmental Laboratory (INEEL)

04/30/2000

09/29/2003

$50,000

$50,000

04/30/2000

09/29/2002

$1,053,000

$1,053,000

04/30/2000

09/29/2002

$1,540,000

$1,540,000

04/30/2000

04/30/2003

$2,295,095

$2,295,095

04/30/2000

09/29/2002

$14,550,000

$2,750,000

04/30/2000

09/29/2002

$1,500,000

$1,500,000

05/14/2000

05/13/2003

$185,000

$185,000

Argonne National Laboratory (ANL)

05/21/1992

04/29/1997

$815,000

$815,000

Continue Evaluation of Feasibility of CO2 Disposal in a
Deep Saline Aquifer in

Natl Lab

Natural Gas Vehicle Fuel from Landfill Gas

Natl Lab

Sequestration of CO2 in a Depleted Oil Reservoir - LANL

Natl Lab

Geological Sequestration of CO2: GEO-SEQ / ORNL

Natl Lab

Sequestration of CO2 in a Depleted Oil Reservoir

Natl Lab

GEO-SEQ Project

Natl Lab

Geological Sequestration of CO2: GEO-SEQ

Natl Lab

CO2 Separation Using Thermally Optimized MembranesNanocomposite Development

Natl Lab

Evaluation of CO2 Capture, Utilization, and Disposal
Options

Natl Lab
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Project Title

Performer Type

Performer

Experimental Evaluation of Chemical Sequestration of
CO2 in Deep Saline Formations

Natl Lab

Battelle Columbus Laboratories

07/09/1998

09/29/2004

$596,649

$596,649

Enhancement of CO2 Emissions Conversion Efficiency by Natl Lab
Structured Microorganisms

Idaho National Engineering and
Environmental Laboratory (INEEL)

07/31/1999

09/29/2002

$327,000

$327,000

Biomineralization for Carbon Sequestration

Natl Lab

07/31/1999

09/29/2002

$1,000,000

$1,000,000

Enhanced Practical Photosynthesis Carbon Sequestration

Natl Lab

07/31/1999

09/29/2002

$172,000

$172,000

Modification/Development of Carbon Fiber Composite
Molecular Sieve for Removal of CO2

Natl Lab

Oak Ridge National Laboratory
(ORNL)
Oak Ridge National Laboratory
(ORNL)
Oak Ridge National Laboratory
(ORNL)

07/31/2001

12/30/2002

$344,000

$172,000

CO2 Hydrate Process for Gas Separation from a Shifted
Synthesis Gas Stream

Natl Lab

Los Alamos National Laboratory
(LANL)

08/14/1999

01/29/2005

$5,230,000

$5,230,000

Renewable Hydrogen Production for Fossil Fuel
Processing
CO2 Sequestration by Mineral Carbonation Using a
Continuous Flow Reactor

Natl Lab

09/01/1998

09/29/1999

$22,000

$22,000

Natl Lab

Oak Ridge National Laboratory
(ORNL)
Albany Research Center (ALRC)

09/29/2001

09/29/2003

$1,300,000

$1,300,000

Evaluation of CO2 Capture/Utilization/Disposal Options

Natl Lab

Argonne National Laboratory (ANL)

09/30/1997

09/29/2002

$544,000

$544,000

Mineral Carbonation - Preliminary Feasibility Study

Natl Lab

Albany Research Center (ALRC)

09/30/1997

11/29/2001

$2,145,700

$945,700

Development of Hydrogen Separation and Purification
Membranes

Natl Lab

Sandia National Laboratories (SNL) CA

09/30/1998

09/29/2002

$594,000

$594,000

Exploratory Measurements of Hydrate and Gas
Compositions
Screening of Marine Microalgae for Maximum CO2
Biofixation Potential
Advanced Plant Growth

Natl Lab

09/30/1998

09/29/2002

$500,000

$500,000

Natl Lab

Lawrence Livermore National
Laboratory (LLNL)
Pacific Northwest National Laboratory
(PNNL)

09/30/2000

09/29/2002

$200,000

$200,000

09/30/2000

11/29/2001

$880,000

$880,000

Ecosystem Dynamics

Natl Lab

09/30/2000

11/29/2001

$1,705,000

$1,145,000

Enhancing Carbon Sequestration & Reclamation of
Degraded Lands with Fossil Fuel Combustion Byproducts

Natl Lab

Los Alamos National Laboratory
(LANL)
Los Alamos National Laboratory
(LANL)
Oak Ridge National Laboratory
(ORNL)

12/31/1999

12/30/2001

$1,067,000

$1,067,000

Full-Scale Bioreactor Landfill

County Agcy

Yolo County

08/01/2001

07/31/2004

$1,748,103

$563,000

Fossil Fuel Derivatives with Reduced Carbon

tbp

Applied Sciences, Inc.

09/30/1998

09/29/1999

Natl Lab

Project
Start Date

Total
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Project
Date

End Total
Estimated
Cost

DOE Share

$99,845

$99,845

$161,998,484

$95,624,581

Appendix B
DESCRIPTION OF THE
NATIONAL COAL COUNCIL
In the fall of 1984, The National Coal Council was chartered and in April 1985, the Council
became fully operational. This action was based on the conviction that such an industry advisory
council could make a vital contribution to America’s energy security by providing information
that could help shape policies relative to the use of coal in an environmentally sound manner
which could, in turn, lead to decreased dependence on other, less abundant, more costly, and less
secure sources of energy.
The Council is chartered by the Secretary of Energy under the Federal Advisory Committee Act.
The purpose of The National Coal Council is solely to advise, inform, and make
recommendations to the Secretary of Energy with respect to any matter relating to coal or the
coal industry that he may request.
Members of the National Coal Council are appointed by the Secretary of Energy and represent
all segments of coal interests and geographical disbursement. The National Coal Council is
headed by a Chairman and a Vice-Chairman who are elected by the Council. The Council is
supported entirely by voluntary contributions from its members. To wit, it receives no funds
whatsoever from the Federal Government. In reality, by conducting studies at no cost which
might otherwise have to be done by the Department, it saves money for the government.
The National Coal Council does not engage in any of the usual trade association activities. It
specifically does not engage in lobbying efforts. The Council does not represent any one segment
of the coal or coal-related industry nor the views of any one particular part of the country. It is
instead to be a broad, objective advisory group whose approach is national in scope.
Matters which the Secretary of Energy would like to have considered by the Council are
submitted as a request in the form of a letter outlining the nature and scope of the requested
study. The first major studies undertaken by the National Coal Council at the request of the
Secretary of Energy were presented to the Secretary in the summer of 1986, barely one year after
the start-up of the Council.
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Appendix C
NATIONAL COAL COUNCIL
MEMBERSHIP ROSTER
Robert Addington

Gerard Anderson

Appalachian Fuels
1500 North Big Run Road
Ashland, KY 41102
Ph: 606-928-3433
Fx: 606-928-0450
crystal@appalachianfuels.com

President & COO
DTE Energy Company
2000 2nd Avenue, 2409 WCB
Detroit, MI 48226-1279
Ph: 313-235-8880
Fx: 313-235-0537
andersong@dteenergy.com

James R. Aldrich

Dan E. Arvizu

State Director
The Nature Conservancy
642 West Main Street
Lexington, KY 40508
Ph: 606-259-9655
Fx: 606-259-9678
jaldrich@tnc.org

Sr Vice President
CH2M Hill
9191 South Jamaica Street
Englewood, CO 80112
Ph: 720-286-2436
Fx: 720-286-9214
Cell: 303-619-7485
darvizu@ch2m.com

Allen B. Alexander
President & CEO
Savage Industries, Inc.
5250 S. Commerce Dr.
Salt Lake City, UT 84107
Ph: 801-263-9400
Fx: 801-261-8766
aba@savageind.com

Richard Bajura
Director
National Research Center for Coal & Energy
West Virginia University
P.O. Box 6064, Evansdale Dr.
Morgantown, WV 26506-6064
Ph: 304-293-2867 (ext. 5401)
Fx: 304-293-3749
bajura@wvu.edu

Sy Ali
President
Clean Energy Consulting Corp.
7971 Black Oak Drive
Plainfield, IN 46168
Ph: 317-839-6617
Syali1225@aol.com

Michael F. Barnoski
President
ALSTOM USA
2000 Dayhill Road
Windsor, CT 06095-0500
michael.f.barnoski@power.alstom.com

Barbara F. Altizer
Executive Director
Eastern Coal Council
P.O. Box 858
Richlands, VA 24641
Ph: 276-964-6363
Fx: 276-964-6342
barb@netscope.net
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Janós M. Beér

Donald B. Brown

Professor of Chemical & Fuel Engineering
Dept. of Chemical Engineering
Massachusetts Institute of Technology
25 Ames St., Bldg. 66-548
Cambridge, MA 02139
Ph: 617-253-6661
Fx: 617-258-5766
jmbeer@mit.edu

President
Horizon Natural Resources
1500 N. Big Run Rd.
Ashland, KY 41102
Ph: 606-928-3438
Fx: 606-928-0450

Robert L. Brubaker
Porter, Wright, Morris & Arthur
41 S. High St.
Columbus, OH 43215
Ph: 614-227-2033
Fx: 614-227-2100
rbrubaker@porterwright.com

Richard Benson
President
Caterpillar Global Mining
100 N.E. Adams St.
Peoria, IL 61629-2495
Ph: 309-675-5127
Fx: 309-675-4777
Benson_Richard_a@cat.com

Michael Carey
President
Ohio Coal Association
17 S. High Street, Suite 215
Columbus, OH 43215-3413
Ph: 614-228-6336
Fx: 614-228-6349
info@ohiocoal.com
www.ohiocoal.com

Jacqueline F. Bird
Director
OH Coal Development Ofc.
OH Dept. of Development
77 S. High St., 25th Fl., PO Box 1001
Columbus, OH 43216
Ph: 614-466-3465
Fx: 614-466-6532
jbird@odod.state.oh.us
www.odod.state.oh.us/tech.coal

William Carr
200 Oak Pointe Dr.
Cropwell, AL 35054
Ph: 205-525-0307
Fx: 205-525-4855

Sandy Blackstone
Natural Resources Attorney/Economist
8122 North Sundown Trail
Parker, CO 80134
Ph: 303-805-3717
Fx: 303-805-4342
sblackstone@ssbg.net

Maryann R. Correnti
Partner
Arthur Andersen & Company
200 Public Sq., Ste. 1800
Cleveland, OH 44114
Ph: 216-348-2774
Fx: 216-771-7733
maryann.r.correnti@us.arthurandersen.com

Charles P. Boddy
Vice President, Government Relations
Usibelli Coal Mine, Inc.
100 Cushman St., Ste. 210
Fairbanks, AK 99701-4659
Ph: 907-452-2625
Fx: 907-451-6543
cboddy@usibelli.com

Ernesto A. Corte
Chairman
Gamma-Metrics
5788 Pacific Ctr. Blvd
San Diego, CA 92121
Ph: 858-882-1200
Fx: 858-452-2487
ecorte@attglobal.net
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Kelly A. Cosgrove

Michael D. Durham

Vice President, Marketing & Sales
Kennecott Energy Company
PO Box 3009
Gillette, WY 82717-3009
Ph: 307-687-6053
cosgrovek@kenergy.com

President
ADA Environmental Solutions
8100 SouthPark Way B2
Littleton, CO 80120
Ph: 303-737-1727
Fx: 303-734-0330
miked@adaes.com

Henry A. Courtright

John Dwyer

Vice President
Power Generation & Distributed Resources
Electric Power Research Institute
3412 Hillview Ave.
Palo Alto, CA 94304
Ph: 650-855-8757
Fx: 650-855-8500
hcourtri@epri.com

President
Lignite Energy Council
1016 E. Owens Ave., Ste. 200
PO Box 2277
Bismarck, ND 58502-2277
Ph: 701-258-7117
Fx: 701-258-2755
jdwyer@lignite.com

Joseph W. Craft, III

Richard W. Eimer, Jr.
Sr. Vice President
Dynegy Marketing & Trade
2828 N. Monroe St.
Decatur, IL 62526
Ph: 217-876-3932
Fx: 217-876-7475
rich_eimer@dynegy.com

President
Alliance Coal
1717 S. Boulder Ave.
Tulsa, OK 74119
Ph: 981-295-7602
Fx: 981-295-7361
josephc@arlp.com

Curtis H. Davis

Ellen Ewart, Sr.

Sr. Vice President, Power Generation
Duke Energy
526 S. Church St.
Charlotte, NC 28202-1804
Ph: 704-382-2707
Fx: 704-382-9840
cdavis@duke-energy.com

Consultant
Resource Data International
3333 Walnut St.
Boulder, CO 80301
Ph: 720-548-5515
Fx: 720-548-5007
eewart@ftenergy.com
eewart@resdata.com

E. Linn Draper, Jr.
Chairman, President & CEO
American Electric Power Company
One Riverside Plaza
Columbus, OH 43215
Ph: 614-223-1500
Fx: 614-223-1599
eldraper@aep.com

Andrea Bear Field
Partner
Hunton & Williams
1900 K St., NW, 12th Fl.
Washington, DC 20036
Ph: 202-955-1558
Fx: 202-778-2201
afield@hunton.com
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Paul Gatzemeier

John Nils Hanson

Vice President & General Manager
Centennial Holdings Capital Corp.
Schuchart Bldg., 918 E. Divide Ave.
PO Box 5650
Bismarck, ND 58506-5650
Ph: 701-222-7985
Fx: 701-222-7877
paul.gatzemeier@mduresources.com

President & CEO
Joy Global, Inc.
100 E. Wisconsin Ave., Ste. 2780
Milwaukee, WI 53202
Ph: 414-319-8500
Fx: 414-319-8510
jnha@hii.com

Vascar G. Harris
Head of Aerospace Engineering
Tuskegee Institute
Tuskegee, AL 36088
Ph: 334-727-8659
Fx: 334-724-4199
vharris@tusk.edu

Janet Gellici
Executive Director
American Coal Council
5765 Olde Wadsworth Blvd., Ste. 18
Arvada, CO 80002
Ph: 303-431-1456
Fx: 303-431-1606
jgellici@americancoalcouncil.org
www.americancoalcouncil.org

Clark D. Harrison
President
CQ, Inc.
160 Quality Ctr. Rd.
Homer City, PA 15748
Ph: 724-479-3503
Fx: 724-479-4181
clarkh@cq-inc.com
www.cq-inc.com

Patrick Graney
President
Petroleum Products, Inc.
500 Rivereast Dr.
Belle, WV 25015
Ph: 304-926-3000, ext. 113
Fx: 304-926-3009
pgraney@petroleumproductsinc.com

J. Brett Harvey
President & CEO
CONSOL Energy, Inc.
1800 Washington Rd.
Pittsburgh, PA 15241
Ph: 412-854-6671
Fx: 412-854-6613
brettharvey@consolenergy.com

Alex E. S. Green
University of Florida
ICAAS, Clean Combustion Tech. Lab
PO Box 112050
Gainesville, FL 32611-2050
Ph: 352-392-2001
Fx: 352-392-2027
aesgreen@ufl.edu

Warren J. Hoffman, Esquire
Frost Brown Todd LLC
250 W. Main St., Ste. 2700
Lexington, KY 40507-1749
Ph: 859-244-3320
Fx: 859-231-0011
whoffman@fbtlaw.com

Richard R. Grigg
President & CEO
WeEnergies
231 West Michigan Ave.
Milwaukee, WI 53203
Ph: 414-221-2102
Fx: 414-221-2132
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Gerald (Jerry) A. Hollinden

Dick Kimbler

Vice President, Power Sector Manager
URS Corporation
Waterfront Plaza Tower One
325 W. Main St., Ste. 1200
Louisville, KY 40202-4251
Ph: 502-217-1516
Fx: 502-569-3326
jerry_hollinden@urscorp.com

PO Box 186
Danville, WV 25053
Ph: 304-369-3347

Thomas G. Kraemer
Group Vice President
Burlington Northern Santa Fe Railway Co.
2650 Lou Menk Dr.
Ft. Worth, TX 76131-2830
Ph: 817-867-6242
Fx: 817-352-7940
thomas.kraemer@bnsf.com

Chris Jenkins
Sr. Vice President, Coal Service Group
CSX Transportation
5000 Water St., J120
Jacksonville, FL 32202
Ph: 904-366-5693
Fx: 904-359-3443
chris_jenkins@csx.com

Max L. Lake
President
Applied Sciences, Inc.
141 W. Xenia Ave, PO Box 579
Cedarville, OH 45314-0579
Ph: 937-766-2020 ext. 111
Fx: 937-766-5886
mllake@apsci.com

William Dean Johnson
Executive Vice President, General
Counsel and Secretary
Progress Energy, Inc.
411 Fayetteville St. Mall
Raleigh, NC 27602
Ph: 919-546-6463
bill.johnson@pgnmail.com

Steven F. Leer
President & CEO
Arch Coal Inc.
Cityplace One, Ste. 300
St. Louis, MO 63141
Ph: 314-994-2900
Fx: 314-994-2919
sleer@archcoal.com

Judy A. Jones
Commissioner
Public Utilities Commission of OH
180 E. Broad St.
Columbus, OH 43215-3793
Ph: 614-644-8226
Fx: 614-466-7366
judy.jones@puc.state.oh.us
www.puc.state.oh.us

David A. Lester
Executive Director
Council on Energy Resource Tribes
695 S. Colorado Blvd., Ste. 10
Denver, CO 80246-8008
Ph: 303-282-7576
Fx: 303-282-7584
adlester@qwest.net

William M. Kelce
President
Alabama Coal Association
2090 Columbiana Rd., Ste 2500
Vestavia Hills, AL 35216
Ph: 205-822-0384
Fx: 205-822-2016
aca@bellsouth.net
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Peter B. Lilly

Michael W. McLanahan

President & CEO
Triton Coal Company
141 Market Place Dr., Ste. 100
Fairview Heights, IL 62208
Ph: 618-394-2620
Fx: 618-394-2638
lilly@triton-coal.com

President
McLanahan Corporation
200 Wall St., PO Box 229
Hollidaysburg, PA 16648-0229
Ph: 814-695-9807
Fx: 814-695-6684
mikemcl@mclanahan.com

James V. Mahoney

Emmanuel R. Merle

Sr. Vice President, Asset Management
PG&E National Energy Group
7500 Old Georgetown Rd., Ste 1300
Bethesda, MD 20814
Ph: 301-280-6610
Fx: 301-280-6909
jim.mahoney@neg.pge.com

President
Energy Trading Corporation
164 Mason St.
Greenwich, CT 06830
Ph: 203-618-0161
Fx: 203-618-0454
thion@mindspring.com

James K. Martin

Paulette Middleton

Vice President, Business Development
Dominion Energy
PO Box 26532
Richmond, VA 23261
Ph: 804-819-2176
Fx: 804-819-2219
james_k_martin@dom.com

Director
ESPC
2385 Panorama Ave.
Boulder, CO 80304
Ph: 303-442-6866
Fx: 303-442-6958
paulette@rand.org
www.rand.org

Christopher C. Mathewson
Dept. of Geology & Geophysics
Texas A&M University, MS-3115
College Station, TX 77843-3115
Ph: 409-845-2488
Fx: 409-847-9313
mathewson@geo.tamu.edu

Clifford R. Miercort
President & CEO
The North American Coal Corporation
14785 Preston Rd, Ste. 1100
Dallas, TX 75240-7891
Ph: 972-448-5402
Fx: 972-661-9072
clifford.miercort@nacoal.com

Rodger W. McKain
Vice President & General Manager
SOFCo EFS
1562 Beeson St.
Alliance, OH 44601
Ph: 330-829-7878
rodger.w.mckain@mcdermott.com

Jeffrey Miller
Managing Editor
Definitive Solutions Company, Inc.
880 Corporate Park Dr., Ste 220
Cincinnati, OH 45242
Ph: 513-719-9150
Cell: 513-678-5456
Fx: 513-719-9130
jeff_miller@dsc-online.com
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Janie Mitcham

Georgia Ricci Nelson

President
TX Region/Wholesale Dept.
Reliant Energy
PO Box 45467
Houston, TX 77210-4567
Ph: 713-207-3700
Fx: 713-207-9720
jmitcham@reliant.com

President
Midwest Generation
440 S. LaSalle St., Ste. 3500
Chicago, IL 60605
Ph: 312-583-6015
Fx: 312-583-4920
gnelson@mwgen.com

George Nicolozakes

Benjamin F. Montoya

Chairman
Marietta Coal Company
67705 Friends Church Rd.
St. Clairsville, OH 43950
Ph: 740-695-2197
Fx: 740-297-8055
marietta@1st.net

Chairman, President & CEO
Public Service Company of New Mexico
Alvarado Sq., MS-2824
Albuquerque, NM 87158
Ph: 505-241-2754
Fx: 505-241-2322

Michael G. Mueller

Mary Eileen O’Keefe

Vice President
Ameren Energy Fuels & Services Co.
PO Box 66149, Mail Code 611
St. Louis, MO 63166-6149
Ph: 314-554-4174

Director
Pegasus Technologies
1362 N. State Parkway
Chicago, IL 60610
Ph: 312-482-9701
Fx: 312-482-9703
maryeileenokeefe@aol.com

Robert E. Murray
President & CEO
Murray Energy Corporation
29325 Chagrin Blvd., Ste. 300
Pepper Pike, OH 44122
Ph: 216-765-1240
Fx: 216-765-2654
bobmurray@coalsource.com

Umit Ozkan
Associate Dean for Research
College of Engineering & Professor of Chemical
Engineering
Ohio State University
167 Hitchcock Hall, 2070 Neil Ave.
Columbus, OH 43210
Ph: 614-292-6623 (Dept)
Ph: 614-292-2986 (College)
Fx: 614-292-9615
ozkan.1@osu.edu
www.che.eng.ohio-state.edu/facultypages/ozkan.html

Ram G. Narula
Bechtel Fellow & Principal Vice President
Bechtel Power Corporation
5275 Westview Dr.
Frederick , MD 21703
Ph: 301-228-8804
Fx: 301-694-9043
rnarula@bechtel.com

Daniel F. Packer
President
Entergy New Orleans
PO Box 61000
New Orleans, LA 70161
Ph: 504-670-3622
Fx: 504-670-3605
dpacker@entergy.com
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Fredrick D. Palmer

Robert M. Purgert

Exec. Vice President
Peabody Energy
701 Market St.
St. Louis, MO 63101-1826
Ph: 314-342-7624
Fx: 314-342-7614
fpalmer@peabodyenergy.com

Vice President
Energy Industries of Ohio
6100 Oaktree Blvd, Ste. 200
Independence OH 44131
Ph: 216-643-2952
Fx: 216-643-2901
purgert@energyinohio.com

Timothy J. Parker

William Raney

(Awaiting new address)

President
West Virginia Coal Assn.
PO Box 3923
Charleston, WV 25339
Ph: 304-342-4153

Earl B. Parsons, III
Vice President-Fuels
Southern Company
600 N. 18th St., 14N-8160, PO Box 2641
Birmingham, AL 35291
Ph: 205-257-6100
Fx: 205-257-0334
eabparso@southernco.com

Bill Reid
Managing Editor
Coal Leader
106 Tamarack St.
Bluefield, WV 24701-4573
Ph: 304-327-6777
Fx: 304-327-6777
billreid@netscope.net

Craig E. Philip
President & CEO
Ingram Barge Company
One Belle Meade Place 4400 Harding Rd
Nashville, TN 37205-2290
Ph: 615-298-8200
Fx: 615-298-8213
philipc@ingrambarge.com

George Richmond
President
Jim Walter Resources, Inc.
PO Box 830079
Birmingham, AL 35283-0079
Ph: 205-481-6100
Fx: 205-481-6011
grichmond@jwrinc.com

William J. Post
President & CEO
Arizona Public Service Company
PO Box 53999, Station 9036
Phoenix, AZ 85072-3999
Ph: 602-250-2636
Fx: 602-250-3002

James F. Roberts
President & CEO
RAG American Coal Holding Inc.
999 Corporate Blvd, 3rd Fl.
Linthicum Heights, MD 21090
Ph: 410-689-7500 (7512)
Fx: 410-689-7511
jroberts@rag-american.com

Stephen M. Powell
SKSS
1800 N. Meridian St, Ste 1511
Indianapolis, IN 46202
Ph: 317-920-8652
Fx: 317-554-6209
powellsm@iquest.net
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Karen Roberts

Michael J. Sierra

Regional Manager, Coal Supply
Xcel Energy
PO Box 1261
Amarillo, TX 79170
Ph: 806-378-2505
Fx: 806-378-2790
karenr@swps.com

President & CEO
The Ventura Group
8550 Lee Highway, Ste 450
Fairfax, VA 22031-1515
Ph: 703-208-3303
Fx: 703-208-3305
msierra@theventuragroup.com

Daniel A. Roling

Ann E. Smith

First Vice President
Merrill Lynch
Four World Finance Ctr., 19th Fl.
New York, NY 10080
Ph: 212-449-1905
Fx: 212-449-0546
daniel_roling@ml.com

Vice President
Charles River Associates
1201 F St. NW, Ste 700
Washington DC 20004
Ph: 202-662-3872
Fx: 202-662-3910
asmith@crai.com

Margaret L. Ryan

Chester B. Smith

Editorial Director, Nuclear/Coal Group
Platts, The McGraw-Hill Companies Inc
1200 G St, NW, Ste 1100
Washington DC 20005
Ph: 202-283-2160
margaret_ryan@platts.com

CEO
The Medford Group
5250 Galaxie Dr, Ste 8A
Jackson, MS 39206
Ph: 601-368-4583
Fx: 601-368-4541
chestervision@aol.com

William B. Schafer, III
Managing Director
NexGen Coal Services
710 Sunshine Canyon
Boulder, CO 80302
Ph: 303-417-417-0444
Fx: 303-417-0443
bschafer@nexgen-group.com

Daniel D. Smith
President
Norfolk Southern Corporation
Three Commercial Place
Norfolk, VA 23510-9239
Ph: 757-629-2813
Fx: 757-664-5117
dzsmith@nscorp.com

Debbie Schumacher
Women in Mining
915 Mayfair Dr.
Booneville, IN 47601
Ph: 812-922-8524
Fx: 813-922-5711
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Principal
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Redding, CA 66003-8011
Ph: 530-275-6055
Fx: 530-275-6047
bwanadwain@aol.com
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President
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PO Box 9000
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President
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TXU Energy
1601 Bryan St., 42nd Fl.
Dallas, TX 75201-3411
Ph: 214-812-4699
Fx: 214-812-4758
wtaylor1@txu.com
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Michael D. Templeman
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Walker Machinery
PO Box 2427
Charleston, WV 25329
Ph: 304-949-6400
swalker@walker-cat.com

Manager, Public & Government Affairs
Alliance Coal LLC
771 Corporate Dr., Ste 1000
Lexington, KY 40503

Malcolm R. Thomas
Exec. Vice President
Charah Environmental, Inc.
2266 Anton Road, PO Box 813
Madisonville KY 42431
Ph: 270-825-3677 ext. 27
Fx: 270-821-6364
mthomas@charah.com

John L. Waltman

Paul M. Thompson

Kathleen A. Walton

Vice President
DM&E Railroad
140 North Phillips Av, PO Box 1260
Sioux Falls, SD 57101
Ph: 605-782-1222
Fx: 605-782-1299 Cell: 605-321-8445
jwaltman@dmerail.com

Energy Consultant
216 Corinthian
Lakeway, TX 78734
Ph: 512-608-0672
pmthompson23@austin.rr.com

Director

(awaiting new address)
Doris Kelley-Watkins
(awaiting new address)
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Alan W. Wendorf

Lillian Wu

Exec. Vice President
Fossil Power Technologies Group
Sargent & Lundy
55 E. Monroe St
Chicago, IL 60603
Ph: 312-269-6551
Fx: 312-269-3681
alan.w.wendorf@sargentlundy.com

Consultant
Corp. Tech. Strategy Development
IBM Corporation
Route 100, MD 2434
Somers, NY 10589
Ph: 914-766-2976
Fx:914-766-7212

James F. Wood
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Babcock Power Inc.
82 Cambridge Street
Burlington, MA 01803
Ph: 781-993-2415
Cell: 303-351-0766
Fx: 781-993-2499
powerjim@aol.com

NCC Staff
Robert A. Beck, Exec Vice President

Not Yet Official

1730 M St NW, Ste 907
Washington DC 20036
Ph: 202-223-1191
Fx: 202-223-9031
robertabeck@natcoal.org
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Advanced Technology Systems
639 Alpha Drive
Pittsburgh, PA 15238
Ph: 412-967-1900 ext. 203
Fx: 412-967-1910
ragbede@atsengineers.com

Larry B. Grimes, General Counsel
1730 M St NW, Ste 907
Washington DC 20036
Ph: 202-223-1191
Fx: 202-223-9031
larrygrimes@msn.com

Richard A. Hall, CPA
1420 Beverly Rd, Ste 140
McLean, VA 22101-3719
Ph: 703-821-5434
Fx: 703-761-4006

Pamela A. Martin, Executive Assistant
1730 M St NW, Ste 907
Washington DC 20036
Ph: 202-223-1191
Fx: 202-223-9031
pmartin@natcoal.org
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Robert E. Murray

Mary Eileen O’Keefe
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Murray Energy Corporation
29325 Chagrin Blvd., Ste. 300
Pepper Pike, OH 44122
Ph: 216-765-1240
Fx: 216-765-2654
bobmurray@coalsource.com

Director
Pegasus Technologies
1362 N. State Parkway
Chicago, IL 60610
Ph: 312-482-9701
Fx: 312-482-9703
maryeileenokeefe@aol.com

Stephen M. Powell
Ram G. Narula

SKSS
1800 N. Meridian St, Ste 1511
Indianapolis, IN 46202
Ph: 317-920-8652
Fx: 317-554-6209
powellsm@iquest.net

Bechtel Fellow & Principal Vice President
Bechtel Power Corporation
5275 Westview Dr.
Frederick , MD 21703
Ph: 301-228-8804
Fx: 301-694-9043
rnarula@bechtel.com

Wes M. Taylor
President
Generation Business Unit
TXU Energy
1601 Bryan St., 42nd Fl.
Dallas, TX 75201-3411
Ph: 214-812-4699
Fx: 214-812-4758
wtaylor1@txu.com

Georgia Ricci Nelson (Chair)
President
Midwest Generation
440 S. LaSalle St., Ste. 3500
Chicago, IL 60605
Ph: 312-583-6015
Fx: 312-583-4920
gnelson@mwgen.com

Malcolm R. Thomas
Exec. Vice President
Charah Environmental, Inc.
2266 Anton Road, PO Box 813
Madisonville KY 42431
Ph: 270-825-3677 ext. 27
Fx: 270-821-6364
mthomas@charah.com
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Clean Energy Consulting Corp.
Ph: 317-839-6617
Syali1225@aol.com

Massachusetts Institute of Technology
Ph: 617-253-6661
Fx: 617-258-5766
jmbeer@mit.edu

Barb Altizer

Jackie Bird

Eastern Coal Council
Ph: 276-964-6363
Fx: 276-964-6342
barb@netscope.net

Ohio Dept. of Development
Ph: 614-466-3465
Fx: 614-466-6532
jbird@odod.state.oh.us

Tom Altmeyer

Sandy Blackstone

Arch Coal Inc
Ph: 202-333-5265
taltmeyer@archcoal.com

Natural Resources Attorney/Economist
Ph: 303-805-3717
Fx: 303-805-4342
sblackstone@ssbg.net

Dan Arvizu

Andrew Blumenfeld

CH2M Hill
Ph: 720-286-2436
Fx: 720-286-9214
Cell: 303-619-7485
darvizu@ch2m.com

Arch Coal, Inc.
Ph: 314-994-2900
Fx: 314-994-2919
ablumenfeld@archcoal.com

Dick Bajura

Judy Brown

National Research Center for Coal & Energy
West Virginia University
Ph: 304-293-2867 (ext. 5401)
Fx: 304-293-3749
bajura@wvu.edu

Kennecott/US Borax
Ph: 202-393-0266
brownju@kennecott.com

Bill Brownell
Hunton & Williams
Ph: 202-955-1500
Fx: 202-778-2201
bbrownell@hunton.com

Eric Balles
Babcock Borsig Power, Inc.
Ph: 508-854-4004
Fx: 508-853-2572
Cell: 508-615-1136
eballes@bbpwr.com
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Bob Brubaker

Stu Dalton

Porter, Wright, Morris & Arthur
Ph: 614-227-2033
Fx: 614-227-2100
rbrubaker@porterwright.com

Electric Power Research Institute
Ph: 650-855-2000
Fx: 650-855-2800
sdalton@epri.com

Kyle Davis
CONSOL R&D
Ph: 412-854-6676
Fx: 412-854-6613
FrankBurke@consolenergy.com

Manager
MidAmerican Energy
Ph: 515-281-2612
Fx: 515-242-3084
KLDavis@midamerican.com

Fred Bush

Bill DePriest

Savage Industries
Ph: 801-263-9400
Fx: 801-261-6638
fredb@savageind.com

Sargent & Lundy
Ph: 312-269-6678
Fx: 312-269-2499
william.depriest@sargentlundy.com

Tami Carpenter

Richard Eimer

Duke Energy
Ph: 704-382-2707
Fx: 704-382-9840
tscarpen@duke-energy.com

Dynegy Marketing & Trade
Ph: 217-876-3932
Fx: 217-876-7475
rich_eimer@dynegy.com

Sonny Cook

Ellen Ewart

Duke Energy
Ph: 704-382-2707
Fx: 704-382-9840
dgcook@duke-energy.com

Resource Data International
Ph: 720-548-5515
Fx: 720-548-5007
eewart@ftenergy.com
eewart@resdata.com

Frank Burke (Chairman)

Ernesto Corte

Joel Friedlander

Gamma-Metrics
Ph: 858-882-1200
Fx: 858-452-2487
ecorte@thermo.com

The North American Coal Corporation
joel.friedlander@nacoal.com

Steve Gehl

Hank Courtright

Electric Power Research Institute
Ph: 650-855-2000
Fx: 650-855-2800
sgehl@epri.com

Electric Power Research Institute
Ph: 650-855-8757
Fx: 650-855-8500
hcourtri@epri.com
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John Hanson

American Coal Council
Ph: 303-431-1456
Fx: 303-431-1606
jgellici@americancoalcouncil.org

Joy Global, Inc.
Ph: 414-319-8500
Fx: 414-319-8510
jnha@hii.com

Shawn Glacken

Howard Herzog

TXU Energy
Ph: 214-812-4452
Fx: 214-812-2884
shawn_glacken@txu.com

Massachusetts Institute of Technology
Ph: 617-253-0688
Fx: 617-253-8013
hjherzog@mit.edu

Jerry Golden

Jerry Hollinden

Tennessee Valley Authority
Ph: 423-751-6779
Fx: 423-751-7545
jlgolden@tva.gov

URS Corporation
Ph: 502-217-1516
Fx: 502-569-3326
jerry_hollinden@urscorp.com

Tom Grahame

Connie Holmes

Department of Energy
Ph: 202-586-7149
Fx: 202-586-7085
thomas.graham@hq.doe.gov

National Mining Association
Ph: 202-463-2654
Fx: 202cholmes@nma.org

Mike Gregory

Steve Jenkins

The Northern American Coal Corporation
Ph: 972-448-5443
Fx: 972-661-9072
mike.gergory@nacoal.com

URS Corporation
Ph: 813-397-7807
Fx: 813-874-7424
steve_jenkins@urscorp.com

Larry Grimes

Judy Jones

The National Coal Council
Ph: 202-223-1191
Fx: 202-223-9031
larrygrimes@msn.com

Public Utilities Commission of OH
Ph: 614-644-8226
Fx: 614-466-7366
judy.jones@puc.state.oh.us

Manoj Guha

Bob Kane

Energy & Environmental Services
Ph: 614-451-3929
manojguha@sbcglobal.net

Department of Energy
Ph: 202-586-4753
robert.kane@hq.doe.gov
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Gary Kaster

Harvey Ness

American Electric Power
ggkaster@aep.com

Lignite Energy Council
Ph: 701-258-7117
Fx: 701-258-2755
hness@lignite.com

John Kinsman
Edison Electric Institute
Ph: 202-430-5630
jkinsman@eei.org

Ed Rubin
Carnegie-Mellon University
rubin@cmu.edu

Ron Litzinger

L. Scott

Edison Mission Energy
Ph: 949-798-7912
Fx: 949-752-6431
rlitzinger@edisonmission.com

Peabody Energy
lscott@peabodyenergy.com

Dwain Spencer
John Marion

SIMTECHE
Ph: 530-275-6055
Fx: 530-275-6047
bwanadwain@aol.com

ALSTOM Power Inc.
Ph: 860-285-4539
Cell: 860-424-1657
john.l.marion@power.alstom.com

Michael Stroben

Jim Martin

Duke Energy
mwstrobe@duke-energy.com

Dominion Energy
Ph: 804-819-2176
Fx: 804-819-2219
james_k_martin@dom.com

John Vella
Edison Mission Energy
Ph: 949-798-7935
Fx: 949-225-7735
jvella@edisonmission.com

Mike McLanahan
McLanahan Corporation
Ph: 814-695-9807
Fx: 814-695-6684
mikemcl@mclanahan.com

Jerry Weeden
NiSource
Ph: 219-647-5730
jbweeden@nisource.com

Georgia Nelson
Midwest Generation
Ph: 312-583-6015
Fx: 312-583-4920
gnelson@mwgen.com

Dick Winschel
CONSOL Energy
4000 Brownsville Rd
South Park, PA 15129
Ph: 412-854-6683
Fx: 412-854-6613
dickwinschel@consolenergy.com
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Duke Energy
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Peabody Energy
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107

Appendix F
CORRESPONDENCE BETWEEN THE
U.S. DEPARTMENT OF ENERGY
& THE NATIONAL COAL COUNCIL

108

Appendix G
CORRESPONDENCE
FROM INDUSTRY EXPERTS

109

Comments on R&D Needs for Coal Related Global GHG Management (re Draft NCC Report)
Alex Green, University of Florida, aesgreen@ufl.edu
Essential Comment: Some attention was given to natural processes in the Terrestrial Sequestering section of the May
2000 and in this NCC report. However, the writer believes that the forestry-agriculture component of coal related GHG
management deserves more R&D emphasis via two thrusts and possible combinations of these thrusts:
T1) Co-utilization of some CO2 neutral biomass with coal in electrical generation.
T2) Increasing natural carbon dioxide sequestering by restoring soil organic carbon in agriculturally depleted areas, by
fostering the growth of trees and by constructing long lived wooden or carbon structures
Background: Nature over billions of years developed photosynthesis and plants that extract CO2 from the atmosphere
and convert it to biomass via reactions such as
5CO2 + 5H2O + solar energy Æ C5H10O5 + 5 O2
The use of biomass for energy, human-kinds oldest technology, simply completes a CO2 neutral cycle:
C5H10O5 + 5O2 Æ 5CO2 + 5H2O + heat energy

Nature, has also developed natural biological and physical processes (coalification) that transform
biomass successively into peat, lignite, sub-bituminous bituminous and anthracite coal. Somewhat
similar natural de-oxygenating processes changed some types of plant matter into oil and natural gas.
The several hundred million year deposits of coal, oil and natural gas since the Carboniferous age
became a vast storehouse of underground solar energy. However, since the industrial revolution
human withdrawals from this bank have been at very high rates and oil and natural gas deposits will
probably be depleted in few decade. However, since coal, widely distributed on the globe, should last
two or three centuries, it is prudent, to use this resource in eco-friendly ways.
IC on CDF (T1): An International Conference (IC) on Co-utilization of Domestic Fuels (CDF) was held at the
University of Florida on February 5 and 6, 2003. The main purpose of the CDF conference was to examine various CDF
technologies and their energy, environmental and economic benefits. Particular attention was given to co-use of coal
with biomass (wood, agricultural residues, municipal solid waste, bio-solids, etc.) in eco-friendly thermo-chemical
reactors for electrical generation, waste disposal and for production of gaseous fuels, liquid fuels and chemicals.
The CDF conference participants included 8 senior academics from abroad 12 from the USA, 32 utility persons or
persons from engineering firms supporting utilities, 10 from government agencies or organizations advising government
agencies (including NCC's Bob Beck and Irene Smith, a CDF expert from UK), one Sierra Club representative, and 3
experts from a forestry conference then assembled in Gainesville. Table 1 gives the list of conference sponsors.
To set the stage for discussions at the CDF conference three books [1-3], two recent reports [4,5] and a compact disc [6]
of a Florida report on renewables in electrical generation were distributed at registration. The CDF conference
proceeding are available in CD form and selected papers will be published in a special issue of IJPES.[7]
Global Aspects: The GHG emissions problem is a global one and proposed solutions must be examined from a global
perspective with serious consideration of the policies of other countries on GHG emissions. . Figure 1 shows the global
fuel shares in % (see www.iea.org). Since it is important to be mindful of the location of the decimal place note that
over the globe, renewables (non-GHG energy sources) are at the same order of magnitude as oil, coal, natural gas and
nuclear. Among the renewables, combustible renewable and waste (CRW) are at 11% and hydro at 2.3% whereas solar
is only at 0.04% and wind at 0.03 %..
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Table 1 lists the total primary energy supply (TPES) for various regions of the world or country groupings. The TPES
in the 2nd column are in Mtoe ( Mtoe=one million tons of oil equivalent = 42*1015 joules = 0.040 quads = 40.1012 BTU)
The Organization for Economic Co-operation and Development (OECD) countries are here subdivided into OECD-Pac
(Pacific for Japan, Korea, Australia and New Zealand), OECD-Europe, and OECD-NA (North America for USA,
Canada and Mexico). Column 2 gives the regions TPES. Column 3 gives the percentage of the TPES that is
combustible renewable and waste (CRW). Column 4 gives the percentage of the other renewable components (hydroelectric, geothermal, wind, solar and tide/wave/ocean).
The large CRW levels for Africa, Asia, China, and Latin America in Table 1 reflect large residential consumption of
biomass for home cooking and heating. In view of population growth in these geographic areas the ability of annual
biomass resources to keep up with these residential needs is a matter of concern. In these regions CDF technologies
might be developed in which coal or natural gas is used in small percentages to enhance the efficiency of biomass
utilization. On the other hand in developed regions where CRWs are now in low percentages a proven CO2
management strategy would be to rebuild the use of biomass to a larger percentage of TPES.
The extra row at the bottom of Table 2 gives specific data for the USA. The USA with 4.6% of the global population
accounts for about 24% of the global energy consumption and some 24% of global CO2 emissions. Developing and
fostering practical CDF systems in the USA to facilitate greater use of CO2 neutral biomass energy could help the
USA’s balance its military leadership by environmental leadership.

The USA has considered returning to the use of wood and other forms of biomass since the oil crises of 1973.
Residential use of wood increased strongly nationwide and biomass generating capacity gradually built up to
6 Gigawatts by 1990. California with favorable legislation led the way, however, by 1995 half of the
California biomass power industry shut down. Today biomass is regaining attention both as a GHG
management and for energy security. A number of states are mandating or otherwise encouraging the use of
renewables in the electric generating mix. In most geographic locations biomass stands out as the only
renewable that can significantly be expanded in the next decade or two via CDF technologies.
Table 3 illustrates representative solid fuel properties that resulted from the "coalification" process. Columns
2-4 give representative ultimate analyses in weight % corrected to apply for dry, ash, sulfur and nitrogen free
feedstock. The 5th and 6th columns give total volatiles (VT) and fixed carbon (FC) also in wt%.. The 7th
column gives heating value (HVs in MJ/Kg). The 8th and 9th columns give energy density, (E/vol, in MJ/liter)
and estimated relative char reactivities. Biomass has advantages of high volatility and char reactivities that
make conversions from solids to more useful gaseous or liquid fuels relatively easy. On the other hand coals
have advantages of global abundance, high HVs, high energy densities and other features that fosters low
costs. Technologies for co-utilizing biomass with coal enable the useful properties of one fuel to assist the
thermal processing of the other.
Since 1992 the European Union has actively pursued co-utilization of coal and biomass [8-10], (see additional
references in [4]) as a means of bringing more advanced technologies to bear on the use of biomass, and as a CO2
mitigation measure. The costs and availability of biomass in various parts of the globe have been studied extensively in
this context [11]. A recent European Union White Paper [12] projects the growth of biomass use from 3.1% of their
total energy in 1995 to 8.5% in 2010. By taking advantage of regions with abundant sunshine and rain the USA could
easily match or exceed this goal. To some experts our emphasis on R&D towards zero emission technologies or
hydrogen as the solution of our emission problems is distracting the USA from pursuit of doable near term measures
that can benefit the environment and the economy and restore USA's environmental leadership. .
Terrestrial CO2 Sequestering (T2): As summarized on page 11 of the May 2000 NCC report and on page 16 of this
report and in the literature [13] GHG management can be fostered by restoring forests, soil organic carbon (SOC) and
the use of long lived wood or carbon structures. The possibility of restoring SOC with mildly oxidized low rank coal is
an R&D area that seems worth pursuing [14]. Going from lignite back to peat and other modest manipulations of
nature’s coalification processes does not seem as remote as zero-emissions. Research on optimum combinations of T1
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and T2 is sorely needed. In R&D projects, in contrast to demonstration projects, we appear to be overlooking the
possibility of modest improvements upon nature’s ways in favor of "all or nothing" moon -shots type methods. Getting
plant people together with the coal people to examine and possibly improve upon of nature’s ways is probably the
fastest way of bringing more renewables into our energy mix and also enhancing carbon sequestration.
Table 4 list why “the farmers and the miners should be friends” a theme that has been almost as hard to sell as
getting the farmers and the cow-men to be friends after the Oklahoma land-rush.
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1) United States Department of Energy
2) Mick A. Naulin Foundation
3) College of Engineering, University of Florida
4) Division of Sponsored Research, University of Florida
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6) Public Utility Research Center, University of Florida
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Table 2: Total Primary Energy and Renewable Indicators
Region
Africa
Latin America
Asia
China
Former USSR
Middle East
Non-OECDEu
OECD Europe
OECD Pacific
OECD NA
Total
USA

TPES
(Mtoe)
508
456
1123
1158
921
380
95
1765
847
2705
9957
2300

CRW Other (%)
(%)
49.6
1.3
17.1
10.8
31.5
2.5
18.5
1.7
1.2
2.1
0.3
0.5
5.3
4.6
3.9
1.7
3.6
11.0
3.4

3.1
2.2
2.8
2.8
1.6
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Table 3. Solid fuel properties along coalification path

Rank
Name

Ultimate Analysis Proximate Analysis
C

H

O

VT

FC

HV

Other properties
E/vol

React

Cellulose

44

6

50

88

12

10

9

1600

Wood

49

7

44

81

19

18

11

500

Peat

60

6

34

69

31

23

18

150

Lignite

70

5

25

58

42

27

27

50

Sub Bitum

75

5

20

51

49

30

36

16

Bitum

85

5

10

33

67

33

49

5

Anthracite

94

3

3

7

93

34

58

1.5

From the Musical Oklahoma

Table 4: Why “the farmers and
the miners should be friends”

The farmer and the miner should be friends
Oh the farmer and the miner should be friends
One likes to plant a tree, the other likes to set
coal free

I. What can Biomass do for Coal
A) Co-firing Biomass with Coal
1) Lower CO2, SO2 and NOx emissions
2) Foster renovation and ecofriendly use of coal facilities
3) Foster IGCC, IG-cogen, CHP and chemical factories.
B)Co-gasifying Biomass with Coal
1) Facilitate conversion to useful gases and liquids
2) Provide important environmental roles for coal
3) Facilitate capture of toxics (mercury, arsenic…)
C) CO2 Sequestration, Nature's Way
1) Federal, state land reforestation, new parks
2) Interstate highway plantings
3) Urban forestation (elms)
4) Wood buildings and long lived carbon products
5) Restore agriculturally depleted lands
D) Phytoremediation
1) Restoration of mined lands
2) Foster phyto-mining
3) Remediate toxic sites
II. What can Coal do for Biomass?
A. Make Opportunity fuels competitive
1) Lower capital cost of co-utilization (co-firing)
2) Foster use with turbine generators (co-gasifying)
B. Provide economic agricultural alternatives
1) Energy crops
2) Use of agricultural residues
3) Disposition of problem plant matter
4) Overcome biomass-use problems
III. What can friends do for the Globe?
A. Foster greening of planet earth
1) Lower CO2, pollution and toxic emission problems
2) Foster advanced environmental technologies
3) Foster phyto-remediation, phyto-mining
B. Facilitate economic recovery
1) Develop a biomass market and supply infrastructure
2) Foster biomass to liquid fuels and chemicals
3) General development of fuel co-utilization

but that's no reason they caint be friends
Energy folks should stick together
Energy folks should all be pals
Miners dance with farmers daughters
Farmers dance with miners gals
Repeat
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